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Q. Please state your name, business address and present position with Rocky 1 

Mountain Power Company (the Company), a division of PacifiCorp. 2 

A. My name is Gregory N. Duvall. My business address is 825 NE Multnomah, Suite 3 

600, Portland, Oregon, 97232. My present position is Director, Long Range 4 

Planning and Net Power Costs. 5 

Q. Have you previously filed testimony in this case? 6 

A. Yes.  I filed direct and two sets of supplemental direct testimony in this case.  7 

Q. What is the purpose of your rebuttal testimony? 8 

A. I respond to proposed adjustments on the Company’s net power costs (“NPC”) 9 

from the Division of Public Utilities (“Division”), presented in the testimonies of 10 

Mr. James B. Dalton and Dr. William A. Powell, the Committee of Consumer 11 

Services (“Committee”), presented in the testimony of Mr. Randall J. Falkenberg, 12 

and UAE and Wal-Mart Stores, Inc. (collectively “UAE”), presented in the 13 

testimony of Mr. Kevin C. Higgins. I will also comment on the proposal of 14 

Committee witness Ms. Cheryl Murray for access to the Company’s GRID model 15 

contemporaneously with the rate case filing. 16 

Q.        Please explain how your testimony is organized. 17 

A.        First, I present the Company’s recommendation for NPC in this case and explain 18 

why it is reasonable on an overall basis.  Second, I outline various corrections and 19 

respond to the various proposals to update NPC.  Third, I respond to the specific 20 

adjustments proposed by the Division, the Committee and UAE.   21 

Q. Please provide an overview of your testimony. 22 

A. As adjusted in my rebuttal testimony, the Company proposes an increase in total 23 
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Company NPC of approximately $34 million, or 1.6 percent, a much smaller 24 

increase than the Company sought in its 2007 general rate case.  This increase is 25 

based upon an NPC study filed in compliance with the Commission’s Order in the 26 

Docket 07-035-93 (“the 2007 rate case Order”).  Additionally, to enhance 27 

reliability and decrease controversy, the Company volunteered modifications to 28 

its NPC modeling in hydro modeling and improvements in the Company’s 29 

screening methodology for uneconomic generation. The Committee’s testimony 30 

acknowledges that “the Company has made a number of adjustments and 31 

improvements to its GRID modeling and input assumptions.” See CCS 4D 32 

Falkenberg at 2, lines 29-30.   33 

  The Commission’s 2007 rate case Order, the Company’s NPC study 34 

complying with that Order and the Company’s additional, voluntary modeling 35 

concessions should have significantly reduced the number of adjustments in this 36 

case. Because the Company’s filing was effectively a compliance filing 37 

implementing the Commission’s 2007 rate case Order on commitment logic, 38 

planned outage schedule, modeling non-firm transmission and optimization of the 39 

SMUD contract, one would expect that this case would be free of further 40 

adjustments on these modeling issues.   41 

  Instead, the Committee has proposed 30 NPC adjustments, many of which 42 

address these and closely related issues. The Division has also proposed 43 

adjustments related to these issues, most notably, the planned outage schedule.  In 44 

many cases, these adjustments involve aggressive assumptions, modeling 45 

inconsistencies and calculation errors.  On the whole, the adjustments diverge 46 
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from the goal of this aspect of the proceeding, which is to accurately determine 47 

and fairly normalize the Company’s prudently acquired NPC.  For example:   48 

• While the Committee argued for the de-optimization of the SMUD contract in 49 

the 2007 rate case because of its unique circumstances, in this case, the 50 

Committee proposes to de-optimize four additional power sales contracts.  51 

Without explanation, the Committee proposes a different approach to 52 

“normalize” each contract and, in all cases, the approach is different from that 53 

used for the SMUD contract. The two largest adjustments proposed are for the 54 

Black Hills Power contract and the PSCo contract. When serious errors in the 55 

Committee’s modeling are corrected, the analysis proves that GRID models 56 

these contracts correctly—indeed, even generously. 57 

• In support of its planned outage adjustment of $4.1 million, the Committee 58 

asserts that its schedule is so “transparent and realistic” that there is no basis 59 

upon which to claim that the schedule is “’result oriented’”…”impractical, 60 

infeasible or otherwise improper.” CCS 4D Falkenberg at 32, lines 799-802.  61 

However, on March 2, 2009, the Committee had to refile its planned outage 62 

schedule to correct errors and inconsistencies in its modeling assumptions, 63 

lowering the proposed adjustment by $1.2 million.  My testimony shows that a 64 

change in one assumption—modeling around the historic outage start date 65 

instead of modeling around the center of the historic outage—would swing the 66 

Committee’s adjustment from an NPC decrease to a $4.5 million NPC 67 

increase.  Additionally, using the Committee’s planned outage schedule from 68 

the 2007 rate case in this case would reduce the adjustment to less than 69 
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$220,000 total Company.  70 

• Similarly, the Division filed a new planned outage schedule on February 26, 71 

2009, correcting errors and lowering its proposed adjustment by $1 million.  If 72 

the Division used the same planned outage schedule in this case that it 73 

proposed in the 2007 rate case, NPC would increase by $6.6 million. 74 

• The Committee proposes to adjust the modeling of non-firm transmission 75 

from a four-year average to one year based upon a misrepresentation of the 76 

2007 rate case Order.  The Committee claims that the Commission “required 77 

the Company to model non-firm transmission in a manner consistent with its 78 

modeling of market caps,” and “the Company uses one year of data to 79 

establish the market caps, but uses four years of data to establish the non-firm 80 

transmission.” CCS 4D Falkenberg at 56, lines 1368-71. The Commission’s 81 

2007 rate case Order, however, expressly directed the Company to model non-82 

firm transmission using “an average of the 48-month history as is done in the 83 

calculation of avoided costs.”  Order at 107.  84 

• The Committee proposes that the Company add short-term firm transmission 85 

to its NPC study, an adjustment with which the Company agrees in concept 86 

but not in modeling. While indicating that the adjustment was based upon 87 

inputting the Company’s actual short-term firm transmission, the Committee 88 

significantly inflated this data to increase the adjustment without ever 89 

explaining this fact or providing any rationale.  On one path, for example, the 90 

Committee increased the amount of short-term firm transmission more than 91 

30-fold.  92 
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• The Committee supports its adjustment imputing revenues for transmission 93 

imbalance services based upon the claim that GRID includes expenses for 94 

transmission imbalance services.  This is flatly untrue.  The Committee also 95 

bases this adjustment on a ten percent imbalance premium/discount, instead of 96 

the applicable five percent premium/discount. Finally, the Committee 97 

completely ignores the existence of a deadband for imbalance charges, within 98 

which most imbalance transactions are managed.  99 

• On the commitment logic issue, the Committee acknowledges that the 100 

Company “has now adopted a more rigorous methodology for computing the 101 

screens.” CCS 4D Falkenberg at 12, lines 348-49.  Nevertheless, the 102 

Committee proposes a major adjustment using daily screens, misleadingly 103 

implying that the Commission approved daily screens for the Company’s gas-104 

fired units in the 2007 rate case Order.  CCD 4D Falkenberg at 13, lines 365-105 

366.  In fact, the Committee proposed monthly screens for the Company’s 106 

gas-fired units in the 2007 rate case, the Commission adopted these screens 107 

and the Company complied with and even enhanced this monthly screening 108 

approach in this filing.  For call options, the Committee again misleadingly 109 

implies that the Commission adopted daily screens, when in fact the 110 

Committee proposed daily screens which the Commission rejected in favor of 111 

the monthly screens proposed by UAE and accepted by the Company.  112 

Net Power Costs Recommendation/Reasonableness Check 113 

Q. What is your NPC recommendation in this case?  114 

A. Based upon corrections and accepted adjustments, my testimony now supports 115 



  

Page 6 – Rebuttal Testimony of Gregory N. Duvall 

total company NPC of $1.048 billion, which is $418 million on a Utah allocated 116 

basis. This is the equivalent of $17.51 per MWh.  The results of the Company’s 117 

NPC study are provided in Exhibit RMP___(GND-1R).    118 

Q. Have you reviewed the reasonableness of this recommendation on an overall 119 

basis?  120 

A.   Yes.  The increase in NPC supported by this study is both reasonable and 121 

verifiable.    122 

Q. As a part of your reasonableness check, have you compared the normalized 123 

NPC in this case to the Company’s most recent actual power costs?  124 

A. Yes. The Company’s actual system NPC for calendar year 2008 were 125 

approximately $1.119 billion or 18.89/MWh. In the 2007 rate case, the 126 

Commission approved system NPC of approximately $1.014 billion or 127 

$17.31/MWh.  The shortfall between NPC in rates and the Company’s actual 128 

power costs for 2008 is approximately $104 million or $1.58/MWh on an annual 129 

basis. The shortfall between NPC requested in this rebuttal case and the 130 

Company’s actual power costs for 2008 is approximately $71 million or 131 

$1.38/MWh.   132 

Q. Is the 2008 shortfall between NPC in Utah rates and actual power costs a 133 

continuation of a multi-year trend?  134 

 A. Yes.  2008 is the eleventh consecutive year that the Company’s actual power costs 135 

have exceeded its normalized power costs in rates in Utah.  The Company has 136 

failed to earn its allowed rate of return in Utah during any year of this period.   137 

138 
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Q. The Committee concludes that its proposed $1.021 billion for system NPC is 139 

very reasonable. Do you agree with their assessment? 140 

A. No. First, the Committee’s system NPC recommendation of $1.021 billion is 141 

somewhat misleading since it makes a $12 million adjustment to increase NPC by 142 

removing the wind generation of Rolling Hills which consists only of wind 143 

integration charges. This wind generation is mainly replaced with purchased 144 

power from the market. Not counting the impact of removing Rolling Hills, the 145 

Committee recommends disallowances of approximately $45 million and system 146 

NPC of $1.008 billion.  Thus, the Committee proposes to decrease NPC from the 147 

amount now reflected in Utah rates.   148 

Q. How does the Committee’s position in this case compare to its position in the 149 

Company’s 2007 rate case?  150 

A. The Committee recommended $48 million in adjustments in its surrebuttal in the 151 

Company’s 2007 rate case. While the Committee acknowledges that the 152 

“Company has made a number of adjustments and improvements to its GRID 153 

modeling and input assumptions,” it nevertheless proposes adjustments almost 154 

identical in dollar magnitude to those proposed in the previous case.  See CCS 4D 155 

Falkenberg at 2, lines 29-30.  156 

Q. How does the Committee defend the reasonableness of its overall 157 

recommendation?  158 

A. The only “reasonableness” factor cited by the Committee is the Company’s 2009 159 

budget for NPC, which is lower than its NPC recommendation.  The relevance of 160 

budget forecasts for NPC is dubious, since such forecasts are not used to set NPC 161 
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in rate cases, nor do they take into account normalizing adjustments.  Indeed, the 162 

Committee admits the apples-to-oranges nature of the comparison on lines 1543-163 

1550 in Mr. Falkenberg’s testimony, acknowledging the differences between a 164 

power cost budget forecast and a regulatory filing.  165 

The irrelevance of budgeted NPC is especially clear in this case, where the 166 

budget is based upon a load forecast that differs from the one used in this case.  167 

Under the load forecast used for the budget, loads in another state decreased, 168 

lowering NPC, but Utah’s allocation factors increased, resulting in the assignment 169 

of costs to Utah at a level that approximately offset any decrease in NPC.   170 

NPC Corrections   171 

Q. Does the Company have corrections to its NPC study in this case?   172 

A. Yes.  The Company has five sets of corrections.   173 

First, in MDR 1.8, the Company noted the following minor errors in the NPC 174 

study sponsored by my Second Supplemental Direct Testimony:  175 

• Non-Owned Generation: references to the month energy are off; 176 
• Douglas County Forecast Product: amount of energy is overstated; 177 
• Currant Creek weekend derate: reference to one weekend is incorrect; 178 
• Kennecott QF purchase: amount of energy is overstated; 179 
• Grant Surplus: generation is overstated in the second half of the last week that 180 

is partially 2010; 181 
• Startup Costs: references to number of startups in some months are incorrect; 182 
• Oregon Wind Farm purchases: energy prices should be by Heavy Load Hour 183 

and Light Load Hour; 184 
• Chehalis screen: the duration of the screen should be at least eight hours. 185 
 
The above corrections, except the Chehalis screen that will be corrected together 186 

with the updated screens, reduce system NPC by approximately $1 million on a 187 

net basis.  These errors are the basis of the Division’s Utah NPC adjustment of 188 

$419,253, which accepts all of the proposed corrections.  These are also the basis 189 
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of the Committee’s adjustments CCS 14 (QF Modeling Errors), CCS 27 (Reserve 190 

Modeling Error) and CCS 29 (US Magnesium Reserves). These corrections sum 191 

to approximately $1.25 million (system), because the Committee accepts only the 192 

corrections that lower power costs and does not address corrections that go the 193 

other direction. 194 

 Second, the Committee proposes and the Company accepts CCS 13 (Grant 195 

Reasonable), remodeling this contract using the correct price. In making this 196 

correction, the Company has used the correct revenue stream from the contract of 197 

$10.57 million, which results in an increase of $264,053 in system NPC, not a 198 

decrease of $202,760 as proposed by the Committee. 199 

 Third, the Company has corrected the modeling of start-up costs within 200 

GRID to reflect the 2x1 nature of the Currant Creek and Lake Side plants.  The 201 

input for MMBtus that are required to startup Currant Creek and Lake Side plants 202 

now reflect the actual operation of the plants, which have two combustion 203 

turbines and one steam turbine.  Also, the input to GRID for Chehalis’s additional 204 

operation and maintenance costs was approximated based on Currant Creek’s 205 

costs in the Company’s previous filing, and is corrected to match the current level 206 

of costs for the Chehalis plant in this rebuttal filing.  This correction decreases 207 

system NPC by approximately $0.1 million.  208 

Fourth, in updating the fuel costs for the Chehalis plant to the most recent 209 

forward price curve in the Company’s second supplemental filing, the Company 210 

inadvertently omitted the costs of the Washington natural gas use tax.  As shown 211 

in Exhibit RMP___(GND-2R), the costs of the natural gas use tax increases 212 
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system NPC by approximately $3.8 million.  This is computed by multiplying the 213 

Washington natural gas use tax of 3.852 percent by the total value of natural gas 214 

fuel used at the Chehalis plant in the test period. Both the existence of this tax and 215 

its $3.8 million impact were disclosed to all parties in June 2008 through 216 

discovery in the Utah Chehalis approval proceedings.  For this reason, and 217 

because the gas use tax is an objective and verifiable pass-through expense, its 218 

inclusion in the Company’s rebuttal filing should not be prejudicial. Exhibit 219 

RMP___(GND-3R) contains the June 2008 correspondence as well as the 220 

Washington Natural Gas Use Tax form which show the mechanics of how the tax 221 

is calculated.  222 

 Fifth, the parties have proposed adjustments to rate base to reflect the 223 

actual in-service dates of Rolling Hills and Glenrock III, January 17, 2009.  Mr. 224 

McDougal has accepted these adjustments and adjusted the Company’s rate base. 225 

Accordingly, we have revised NPC to incorporate the actual in-service date of 226 

these resources, increasing system NPC by approximately $1 million.  The High 227 

Plains project was also incorrectly modeled using the capacity factor of Seven 228 

Mile Hill instead of its 35.7 percent capacity factor.  The correction of this error 229 

increases system NPC by approximately $300,000.   230 

NPC Updates 231 

Q. In CCS 16, does the Committee propose an update for the Biomass non-232 

generation agreement? 233 

A. Yes, although the Committee claims that this is an adjustment, not an update.   234 

The Company did not model the contract for 2009 because it did not exist at the 235 
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time of the December filing, nor was the Company sure that it would execute a 236 

new agreement given the potential impact of the economic downturn on the wood 237 

products industry in Oregon and the Biomass QF facility.  As of the date of this 238 

filing, the situation has not changed.  The Company has not executed a new 239 

Biomass agreement, or even begun negotiating a new agreement.  In light of these 240 

facts, the Commission should reject this update.  If the Commission accepts the 241 

update, it should be expressly contingent upon the Company actually executing an 242 

agreement similar to the previous years’ agreements on or before the rate effective 243 

date in this case.   244 

Q. Does the Company propose any updates to its NPC in rebuttal?  245 

A. No, for three reasons. First, the Company’s NPC were comprehensively updated 246 

just three months ago when the Company made its compliance filing with the 247 

Commission’s test year decision. Second, the Commission rejected the 248 

Company’s proposal to update its NPC for the forward price curve in the 2007 249 

rate case.  Third, the Company has concluded that the best way to ensure that 250 

NPC are reflected in rates in an accurate and up-to-date manner is through an 251 

energy cost adjustment mechanism (“ECAM”). Such a mechanism ensures that 252 

updates are made to reflect actual changes in all costs, not just a selected few, 253 

irrespective of whether those costs are rising or decreasing.   254 

255 
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Q. Both the Division and UAE propose to update the Company’s NPC to reflect 256 

the December 31, 2008 forward price curve, instead of the November 4, 2008 257 

forward price curve used in this case.  Does the Company oppose such an 258 

update?  259 

A. Yes.  In the 2007 rate case, the Commission rejected the Company’s proposal to 260 

update the forward price curve in rebuttal, despite the Company’s evidence that 261 

the forward price curve used in the case was approximately 8 months out of date 262 

and about 25 percent lower than the Company’s then-most recent forward price 263 

curve.  The Commission ruled that such an update required more review than was 264 

possible late in the case and the evidence that the Company was fully hedged 265 

mitigated the need for an update. These same reasons the Commission used to 266 

reject the Company’s update in the 2007 rate case are applicable to the updates 267 

proposed by the Division and UAE in this case.   268 

Q. Is there any principled way to distinguish in this case the 2007 rate case 269 

Order denying an update for the forward price curve?   270 

A. No.  Neither the Division nor UAE supported the Company’s proposal to update 271 

the forward price curve in the 2007 rate case and the Committee actively opposed 272 

the proposal.  In addition, no party proposed to use the then most recent official 273 

forward price curve (March 31, 2008) in its direct testimony in the 2007 case. The 274 

only difference between the previous case and this case is the direction of the 275 

change in the forward price curve change.  Indeed, the argument for making an 276 

update in the 2007 rate case was more compelling because the forward price 277 

curve was much more out of date and out of step with the most recent official 278 
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forward price curve.   279 

Q. Does the Division also propose an update to the Company’s coal costs?  280 

A. Yes. The Company updated its diesel fuel inputs to coal costs as a part of its 281 

December 2008 filing. These costs were reduced significantly from the 282 

Company’s previous filing, based upon the Company’s new forecast for 2009 fuel 283 

costs.  The Division proposes an adjustment of $7.8 million to reduce the costs of 284 

fuel for its purchased coal contacts based on even more recent prices. 285 

Q. Does the Company oppose this update?  286 

A. Yes.  The Company is concerned about the selective nature of the adjustment, 287 

looking at a single cost component and updating it only when it goes in the 288 

direction of lowering costs. The Company is also concerned about the late-filed 289 

nature of this adjustment, especially given the fact that it is the single largest 290 

adjustment proposed by the Division.   291 

Q. Please address your procedural concerns about this adjustment.  292 

A. The Division presented this adjustment in Supplemental Direct Testimony filed 293 

on February 26, 2009, two weeks after the deadline for the Division’s testimony.    294 

Just before the February 12, 2009 deadline for its testimony, the Division sought 295 

February 2009 forecast fuel prices. Although Mr. Dalton’s Supplemental 296 

Testimony suggests that he filed it late because he was waiting for a response to a 297 

data request from the Company, the Company’s response to the data request was 298 

not due until after the February 12, 2009, filing deadline.  The Division sought the 299 

information too late for it to be included in its direct testimony.  As just discussed, 300 

in the 2007 rate case Order, the Commission made clear that it would not 301 
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entertain a forecast update raised late in the case.  Here, the testimony proposing a 302 

forecast update is particularly improper because it is based upon information 303 

acquired after the due date of the Division’s testimony.   304 

Q. If the Commission adopts the Division adjustment, do you have concerns that 305 

this would violate the overall balance of projecting costs for the rate effective 306 

period?   307 

A. Yes. When projections are made, there is an expectation that some of the 308 

estimates will be lower than actual and some higher. However, overall the 309 

expectation is they will generate a reasonable outcome.  Here, the case was filed 310 

based on cost validation and escalators for all costs based upon the most recent 311 

data available in November 2008. At this point, to selectively update certain cost 312 

elements which reduce costs without doing a comprehensive update, both 313 

increases in costs and decreases, will likely underestimate the total costs expected 314 

to occur in the rate effective period. 315 

Q. Please provide an example of this selective approach to making adjustments 316 

related to the Division proposed adjustment to coal costs. 317 

A. At page 6, lines 81-89 of Mr. Dalton’s Supplemental Direct Testimony, he 318 

discusses his approach of calculating the revised coal cost impacts and the related 319 

results of the various plant units. The results demonstrated that all plants except 320 

Huntington had a lower cost, but the update would actually increase Huntington’s 321 

cost level in the case.  While the Division’s adjustment reflects cost decreases in 322 

most of the plants, it does not reflect an offsetting cost increase for Huntington.  323 

While this is a relatively small cost item, it does illustrate the fundamental 324 
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unfairness of this adjustment.  325 

Q. How did the Company’s projected fuel costs for coal from the last general 326 

rate case compare to actual costs in 2008?   327 

A. I have prepared an Exhibit RMP___(GND-4R) which compares the crude oil 328 

projections used in the 2007 rate case with the actual crude oil costs which were 329 

incurred to serve customers. As can be observed in the exhibit, in May 2008 when 330 

the Company filed its rebuttal testimony in the 2007 rate case, the Company’s 331 

forecast was $79/barrel, while actual crude oil costs were $125/barrel, a 332 

difference of $46/barrel. 333 

Q. Did any party propose to update fuel costs for coal in the previous rate case 334 

to address the fact that the Company’s projected costs were so far below 335 

market?  336 

A. No.  Given the Commission’s rejection of the Company’s proposed update to 337 

NPC for the forward price curve, it seems clear that the Commission would have 338 

rejected such a proposal.  339 

Q. Was the Company’s projected price for fuel costs for coal well below actual 340 

prices for most of 2008?  341 

A.  Yes.  For the first 10 months of 2008, the Company’s projection was well below 342 

actual market levels.  In November and December 2008, the market dipped. This 343 

end-of-year market decline was reflected in the Company’s updated fuel price in 344 

the December 2008 filing.  Between the Company’s July 2008 and December 345 

2008 filings, the projected price of crude oil utilized in this case, declined from 346 

$140/barrel to $68/barrel, a level that is below the amount currently in rates.    347 



  

Page 16 – Rebuttal Testimony of Gregory N. Duvall 

Q. Would an ECAM capture the impact of volatility in the forward price curve 348 

and fuel costs for coal in a reciprocal and even-handed manner?  349 

A. Yes.  If the Commission is concerned about reflecting the most recent forward 350 

price curve and fuel costs for coal in the Company’s NPC, it should not accept the 351 

forward price curve adjustment proposed by the Division and UAE, or the 352 

adjustment to coal costs proposed by the Division in this case, but instead require 353 

these parties to work with the Company to develop an ECAM.   354 

Responses to Specific Adjustments 355 

Optimization (CCS 9-12) 356 

Q. Please describe the contract adjustments proposed by the Committee for the 357 

Black Hills, Public Service Company of Colorado (“PSCo”), Sierra Pacific, 358 

and Utah Municipal Power Authority (“UMPA”) II power sales contracts. 359 

A. Based upon the Commission’s 2007 rate case Order directing the de-optimization 360 

of the modeling of the SMUD contract, the Committee proposes to de-optimize 361 

another four long-term sales contracts. This is true even though the Committee 362 

argued for the de-optimization of the SMUD contract in the 2007 rate case in part 363 

on the basis that the “Commission has already recognized that the history of the 364 

SMUD contract differs from that of other contracts.”  CCS-4SR Falkenberg at 45, 365 

lines 1144-45.  366 

Q. How does the Committee propose to model these contracts? 367 

A. The Committee uses historic data to shape these four contracts in GRID. Each 368 

contract uses a different method, which are all different than the method used for 369 

shaping the SMUD contract the Committee recommended in the last case. 370 
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Q. Please describe the five different methods used by the Committee to 371 

normalize these four power sales contracts and the SMUD contract. 372 

A. First, for the Black Hills contract, the Committee used the average of four years of 373 

annual energy to create a sale that was flat in all hours of the year.  374 

 Second, for the PSCo contract, the Committee used 2007 annual average 375 

energy to create the minimum take for the contract and then ran it through the 376 

normal GRID logic for shaping contracts. This resulted in a virtually flat sale 377 

across all hours of the year. 378 

 Third, for the Sierra Pacific contract, the Committee used two months in 379 

2007 to calculate monthly average energy and use it as the minimum take for the 380 

contract in the remainder two months of the contract terms and then ran it through 381 

the normal GRID logic for shaping contracts. This too resulted in a virtually flat 382 

contract. 383 

 Fourth, for UMPA II, the Committee used 2007 data and created 24 hourly 384 

numbers by averaging each hour across the year. The minimum of the 24 averages 385 

was then input into the GRID model as the minimum take value. 386 

 Fifth, for the SMUD contract, the Committee used four year monthly 387 

average energy to develop the shape of the contract. 388 

 There is little logic in these methodologies let alone consistent logic. All 389 

other contracts are allowed to be shaped by GRID pursuant to the terms of each 390 

individual contract. 391 

Q. Are the shapes developed by the Committee reasonable? 392 

A. No. 393 
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Q. Please explain. 394 

A. As an example, in “normalizing” the Black Hills contract, the Committee did not 395 

consider that Black Hills can take delivery under their contract in multiple 396 

delivery points on either the east or the west side of the Company’s system. As 397 

shown in Exhibit RMP___(GND-5R), in 2007 the total Black Hills sales were flat 398 

across the 12-month period.  However, Exhibits RMP___(GND-6R) and 399 

RMP___(GND-7R) put the energy take and the market prices by east and west in 400 

the same graphs, and clearly show that Black Hills used the flexibility built in the 401 

contract to increase the value of the contract to them throughout the year and 402 

during both heavy load hours and light load hours, which in turn increases the 403 

cost to the Company. In fact after reviewing the data, the Company believes it has 404 

underestimated the costs of the Black Hills contract, which is demonstrated in 405 

Exhibit RMP___(GND-8R). 406 

  Another example is the PSCo contract. The Committee failed to account 407 

for all of the energy under the contract in its analysis which occurs across multiple 408 

delivery points. When all of the energy is considered, the contract is not flat; 409 

rather it is shaped similar to the shaping produced by GRID.  Exhibit 410 

RMP___(GND-9R) compares the average hourly dispatch in 2007, what is 411 

modeled by the Company, and what is modeled by the Committee.  This exhibit 412 

clearly shows that the Committee’s modeling of the PSCo contract is in no way 413 

close to reality. 414 

Q. Did you revisit the shaping of the SMUD contract? 415 

A. Yes. Given the serious flaws in the methodologies used for the four contracts 416 
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described above, the Company took a closer look at the SMUD “normalization.” 417 

It turns out that the original method only looked at the firm power portion of the 418 

SMUD contract. However, the contract also allows SMUD to take provisional 419 

power. When both of these are taken together, the SMUD contract showed that 420 

the shape proposed by the Committee in the last general rate does not comport 421 

well with the historic take by SMUD under the contract.  Exhibit RMP___(GND-422 

10R) shows the monthly pattern of the total firm and provisional sales in a 4-year 423 

period, and Exhibit RMP___(GND-11R) shows the comparison of the 2007 shape 424 

and the “normalized” shape.  Because the Committee’s approach does not 425 

simulate the actual history of the SMUD contract, and for the policy reasons 426 

previously outlined in my Second Supplemental Direct Testimony, the 427 

Commission should order a return to normal, optimized modeling for the SMUD 428 

contract.  429 

Q. Do you have other concerns about “de-optimizing” the contracts? 430 

A. Yes.  Whether or not other parties actually optimize their take of energy at all 431 

times from the Company, the Company is exposed to the potential of such an 432 

optimization. This fact should be taken into account in how these contracts are 433 

modeled.  434 

Q. Have you looked at “normalizing” any purchased power contracts using 435 

historic data? 436 

A. Yes.  As an example, Exhibit RMP___(GND-12R) compares the energy usage 437 

during heavy load hours for the capacity contract with the Bonneville Power 438 

Administration (“BPA”), both the 4-year average and 2007 monthly, against the 439 
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optimized usage pattern generated by GRID and found that GRID significantly 440 

over-optimized the usage of the contract during the heavy load hour period.  If the 441 

Company were to follow the same methodologies that the Committee has applied 442 

to the sales contract, NPC would increase because the over-optimized energy 443 

usage during heavy load hours would be moved to light load hours.  Using a 444 

historic “normalization” process for the BPA capacity contract would raise NPC 445 

by about $8 million total Company during the test period. 446 

Q. What is your recommendation on normalization? 447 

A. Given the evidence presented in my exhibits, the Commission should reject the 448 

Committee’s proposed adjustments to the Black Hills, PSCo, Sierra Pacific and 449 

UMPA II power sales contracts. In addition, in light of the new evidence 450 

presented on the normalization of the SMUD contract, I recommend that the 451 

Commission revert to using GRID to normalize the energy under the SMUD 452 

contract.  453 

  These four adjustments and the ”normalized” SMUD using the history of 454 

only a portion of the contract should be rejected based upon the use of 455 

inconsistent methodologies and because the normalized values are not 456 

representative of actual historic usages under the contracts. Restoring the 457 

modeling of the SMUD contract to let the GRID dispatch the contract increases 458 

NPC by about $2 million.  If the Commission uses historic normalization for any 459 

or all of these five power sales contracts, then the Company recommends that the 460 

Commission also use history to normalize the BPA Capacity contract. There is no 461 

principled reason to differentiate between the normalization of purchase and sales 462 
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contracts. 463 

Q. Are you introducing any new information in your analyses that is not 464 

available to the Committee? 465 

A. No.  The information that the Company used comes from the same data set that 466 

has been provided to the Committee. 467 

SMUD Contract Pricing (CCS 15 and Division) 468 

Q. Do the Committee and the Division both propose adjustments to the current 469 

$37/MWh price for the SMUD contract?  470 

A. Yes. The Committee proposes to increase the imputed contract price to 471 

$46.9/MWh and the Division proposes to increase the imputed contract price to 472 

$41.56/MWh. 473 

Q. Do you have concerns about the Committee’s analysis?  474 

A. Yes.  To support the Committee’s adjustment, Mr. Falkenberg selectively chose 475 

the higher numerical value from the two separate pieces of the total calculation. 476 

The Company presented data for the contract revenues and $94 million upfront 477 

payment year-by-year and on a levelized basis. In Exhibit RMP___(GND-3SS) 478 

that I sponsored in my Second Supplemental Direct Testimony, I selected the 479 

levelized numbers from both calculations to give the Commission an 480 

approximation of the impacts of a different approach while at the same time 481 

continuing to support the $37/MWh. However, the Committee’s SMUD pricing 482 

adjustment uses the actual revenues from the contract and the levelized value of 483 

the $94 million upfront payment. This approach is inconsistent with regulatory 484 

matching principles. 485 
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Q. How does the Division’s approach compare and do you support this 486 

approach? 487 

A. Division witness Dr. Powell uses an approach very similar to the approach I used 488 

in Exhibit RMP___(GND-3SS). His adjustment is a levelized approach for both 489 

of the components and produces a similar number to the one I generated. The 490 

differences between the two calculations are in escalation and present value 491 

assumptions. Unlike the approach used by the Committee, the Division’s proposal 492 

is consistent with regulatory matching principles.  493 

Q. Is there another approach that the Commission should consider, one that is 494 

more consistent with the Commission's historical accounting practices? 495 

A. Yes.  If the Commission is going to adopt an entirely different approach to pricing 496 

this contract from the $37/MWh it previously ordered, it should use the same 497 

regulatory liability approach it used in handling the gain from the Centralia sale.  498 

Q. Please describe the regulatory liability approach for handling money that is 499 

owed to customers. 500 

A. The Commission adopted a regulatory liability approach when they approved the 501 

sale of the Centralia Power Plant and ordered the gain to be passed back to 502 

customers over the remaining life of the plant.  503 

Q. How would this approach apply to the $94 million payment associated with 504 

the SMUD contract?  505 

A.  If the Commission is going to change its approach to the contract and look to 506 

separately account for the return of the $94 million to customers, it should 507 

calculate this by assuming that the creation of a regulatory liability for the $94 508 
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million payment in 1987, with the amortization of the liability over the life of the 509 

SMUD contract. This would be similar to the Commission’s treatment of gain 510 

realized on the sale of the Centralia Plant in 2000.  On page 21B of the Order in 511 

Docket No. 99-2035-03, the Commission stated: “Because ratepayers bear the risk 512 

of purchasing replacement power over the remaining life of the Centralia plant 513 

after it is sold, we conclude that amortizing the gain over the remaining life of the 514 

plant best implements the matching principle we employ in ratemaking.  We 515 

further conclude that the gain ….. should be separately recorded on a system basis 516 

in the year the transaction closes.”  Ordering paragraph 6 states: “The gain is to be 517 

amortized as an offset to ratebase not associated with any previous acquisition 518 

adjustment.”     519 

Q. How did the Company account for the regulatory liability associated with the 520 

Centralia gain? 521 

A. For ratemaking and FERC accounting purposes, the Company recorded the 522 

Centralia gain to FERC Account 254, Regulatory Liabilities.  The gain was 523 

amortized in FERC Account 456, Other Electric Revenues.  Similar accounting 524 

could be adopted for the SMUD prepayment. 525 

Q. If the Commission decides to adopt this approach how would they develop 526 

the imputation value for the $94 million payment made in 1987? 527 

A. I would recommend letting the annual revenues continue per the contract for each 528 

of the remaining years through 2014. This would leave the remaining value of the 529 

amortization of the regulatory liability as the revenue imputation adjustment. The 530 

approach would establish a rate base liability for the $94 million in the year 531 
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received (1987) and amortization of the benefit back to customers over the 532 

contract life (2014).  This approach is consistent with the Commission’s view 533 

expressed at page 27 of the 2007 rate case Order “that the SMUD contract 534 

revenue imputation should be based on information that was known at the time of 535 

contract execution.”      536 

Q. Please describe the level of imputation for the remaining years of the 537 

contract.  538 

A. I have prepared an Exhibit RMP___(GND-13R) which shows the year-by-year 539 

value of the amortization and return on the unamortized balance of the $94 540 

million payment. These two components are translated into a revenue requirement 541 

value based on the last Commission ordered capital structure and divided by the 542 

contractual MWh in developing the $/MWh revenue imputation level. This 543 

approach is simple to understand, follows Commission precedent for amortization 544 

of a balance back to customers and establishes the level of imputation to be 545 

included in rate cases over the remaining life of the contract. For 2009, the 546 

contract generates revenues of $21.99/ MWh and the imputation of the $94 547 

million is ($15.73/ MWh) or a total $37.72/ MWh. 548 

Q. Are you recommending that the Commission adopt this approach for pricing 549 

the SMUD contract? 550 

A.  No. I continue to believe that my recommendation of $37/MWh for the SMUD 551 

contract from the Second Supplemental Direct Testimony is reasonable and 552 

consistent with the orders in the Company’s 1999 and 2001 general rate cases. 553 

However, this analysis provides the Commission with an alternative approach to 554 



  

Page 25 – Rebuttal Testimony of Gregory N. Duvall 

setting an imputation level if it decides to value the $94 million payment had a 555 

regulatory liability been set up at the time of the $94 million payment. The 556 

imputation value of this approach for 2009 is essentially the same as the 557 

$37/MWh I have presented in this case and reinforces the reasonableness of that 558 

number.  559 

Planned Outage Schedule  560 

Q. Have the Division and the Committee proposed adjustments to the 561 

Company’s planned maintenance schedule and then proposed corrections to 562 

these adjustments? 563 

A. Yes.  The Committee proposed an adjustment of $4.1 million based on an 564 

alternative maintenance schedule in its direct testimony. In an updated workpaper 565 

served on the Company on March 2, 2009, the Committee reduced this adjustment 566 

to about $2.9 million based upon errors in its original schedule. The Division 567 

originally proposed an adjustment of $2.4 million based on yet another proposed 568 

maintenance schedule. The Division’s Supplemental Direct Testimony reduced 569 

this adjustment to $1.9 million based upon errors in its original schedule. 570 

Q. The Committee and Division use a 4-year historical approach to calculating a 571 

future schedule for plant outages. What concerns do you have with this 572 

approach to modeling planned outages? 573 

A. Most fundamentally, it is impossible to model four years of actual outage data 574 

within only one year.  In order to compress four years of data into a single year, 575 

assumptions and changes need to be made to historic data.  It is mistakes and 576 

inconsistencies in those assumptions that caused both the Committee and Division 577 
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to refile their alternative schedules and reduce their proposed adjustments.  The 578 

approaches proposed by the Committee and the Division result in alternative 579 

planned outage schedules that are ultimately more subjective and less reasonable 580 

than the Company’s approach which uses history as the primary guide to the 581 

schedule, but also takes into account factors that make the schedule logical, 582 

realistic and consistent. 583 

Q. Can you briefly describe the approach used by the Committee? 584 

A. Yes. The Committee’s general approach to modeling planned outages is to take 585 

each outage in a four year historic period and divide that outage by four to come 586 

up with an annual level for the test period. According to the Committee, these 587 

shorter individual outages are selectively “centered” around the actual outage date 588 

for purposes of placing them at some point in time in the test period.  While the 589 

Committee’s testimony states that it “centered” the longer outages for purposes of 590 

determining their timing in the schedule, the Committee began the outage in the 591 

center of the actual outage in its original and corrected schedules rather than 592 

centering the outage at the actual mid-point of the historic outage.  Indeed, if the 593 

Committee “centered” the test period outage around the actual mid-point of the 594 

historic outage for its schedule, it would reduce the Committee’s adjustment to a 595 

de minimis decrease in NPC. See Exhibit RMP___(GND-14R).  596 

Q. Is the Committee’s approach subjective and can the results vary depending 597 

on the start date of the planned outage? 598 

A. Yes. The Committee extols its schedule as so “transparent and realistic” that there 599 

is no basis upon which to claim that the schedule is “result oriented…impractical, 600 
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infeasible or otherwise improper.” CCS 4D Falkenberg at 32, lines 799-802.  But 601 

while the Committee seems to have chosen some version of the mid-point of the 602 

actual maintenance schedule as the start date for planned outages, they could have 603 

selected many different points within that range of the duration of the actual 604 

historic outage and come up with substantially different results. I have prepared 605 

Exhibit RMP___(GND-14R) which demonstrates the various results for 606 

beginning and mid-point start dates, centering, and end of period finish date for 607 

the outage. 608 

Q. Please explain the results of the exhibit and impacts on NPC for the 609 

outcomes. 610 

A. If the start date of the Committee’s outage modeling was positioned at the 611 

beginning of the actual outage time period (instead of somewhere around the mid-612 

point), the resulting schedule would produce an increase in NPC of $4.5 million.  613 

And, as demonstrated by the Committee’s need to file a corrected schedule, using 614 

the start date of the actual historic outage is certainly a more reliable modeling 615 

point than some undefined mid-point. With this small and legitimate change in 616 

assumptions, the Committee’s adjustment swings from a reduction in NPC to a 617 

large increase in NPC. 618 

Q. What is your view on the simplification and straightforwardness of this 619 

approach to modeling outages?  620 

A. As the Committee notes, there is no debate in the length of the outages used by 621 

the parties. The entire debate is when to start each of the outages. The 622 

Committee’s approach is anything but straightforward. I have established how 623 
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one simple assumption change results in an entirely different outcome. The 624 

Committee’s approach will not produce year-on-year stability. Additionally, since 625 

their direct testimonies, both the Division and the Committee have modified their 626 

adjustments on planned maintenance. This is crystal clear evidence that, in fact, 627 

these approaches are not simple and straightforward since the authors of the 628 

approaches are still modifying the results at this late stage of the process.  Even on 629 

the “un-debated” length of the maintenance outages there are uncertainties: it is 630 

unclear how the Committee makes sure the total length of the maintenance is 631 

correct because the methodology that the Committee used pieces together the 632 

individual maintenance outages, after dividing by four, and joins the ones from 633 

different years in a single year which may also be plagued by overlapping 634 

schedules for an individual unit. 635 

Q. The Committee and the Division both proposed outage schedules in the last 636 

case. If the Commission were to use those schedules with this year’s length of 637 

the outages, what impact would they have on this case?  638 

A. Referring back to Exhibit RMP___(GND-14R), I have modeled the outages 639 

schedules of both the Committee and Division from the last case with the outage 640 

durations from this filing. In the case of the Division, the result would be an 641 

increase in NPC of $6.6 million over the level filed by the Company. The 642 

Committee’s schedule would lead to a decrease in NPC of less than $1 million, a 643 

substantial decrease from the level of the adjustment they are proposing in this 644 

proceeding.  Once again, rather than accepting the Company’s compliance with 645 

the 2007 rate case Order as sufficient, the parties have proposed adjustments to 646 
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their own outage schedules from the 2007 rate case that are much more punitive 647 

to the Company than those they previously presented. 648 

Q. What process does the Company use to place the various units into the model 649 

in scheduling outage times?  650 

A. As I previously stated, the parties are all using the same number of days for the 651 

planned outages. The Company uses a tree-modeling approach which 652 

systemically spreads the planned units for maintenance over defined periods of 653 

time. Using history as a guide, the Company understands that spring and fall 654 

timeframes are the cheapest periods of time to have plants down.  As can be seen 655 

in Exhibit RMP___(GND-15R), most of the units are scheduled in the spring. For 656 

normalized rate making purposes, planned outages are scheduled so that all units 657 

are on maintenance during the test year, and the timing of the outages are 658 

scheduled not to fall within certain periods during the year due to the obligations 659 

to serve both the retail load and wholesale contracts.  For example, the schedule 660 

takes into consideration the need to avoid planned outages in the winter.  661 

  With this requirement, it is necessary for several units to be on 662 

maintenance outage simultaneously.  However, the number of major units on 663 

maintenance is not to exceed three on a control area basis.  As the result, not all 664 

the plants can be maintained in the spring when the market prices are generally 665 

lower.  In addition, the units are sequenced to approximate the effect of fully 666 

utilizing the same crew by location. 667 

668 
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Q. Do you assume the same fixed maintenance schedule in all normalized NPC 669 

calculations? 670 

A. No.  The schedule of each unit may move a little depending on the length of the 671 

normalized planned outages that precedes it.  However, the structure of the tree 672 

will remain the same from one proceeding to another. 673 

Q. What do you conclude from your analysis of the various proposals presented 674 

by the parties?  675 

A. The planned outage schedules presented by the Committee and the Division are 676 

both supposedly based upon modeling actual planned outage schedules over the 677 

past four years.  However, as can be seen from the differences in the two “actual 678 

historical” schedules presented in this case, and by comparing these to two 679 

different “actual historical” schedules in the last case, there is no one true way to 680 

compress four years of data into one year and call it an “actual historical” 681 

schedule.  Both parties made modifications to their maintenance schedule, and 682 

both resulted in significant changes in their adjustments.  This clearly shows that 683 

their schedules are not straightforward and objective.  In addition, neither the 684 

Committee nor the Division have demonstrated that the Company’s schedule is 685 

unreasonable and neither have shown that their schedules are superior to either the 686 

Company’s proposed outage schedule or the outage schedules presented by the 687 

Committee and Division in the 2007 rate case. 688 

The Company’s schedule is stable and predictable while those of the 689 

Division and Committee are arbitrary and have no consistent logic from year to 690 

year.  The schedule put together by the Committee would also cause the units to 691 
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be on and off maintenance multiple times during the test period.  The Commission 692 

should therefore accept the Company’s planned outage schedule and methodology 693 

in this case.   694 

Transmission Adjustments 695 

Non-firm Transmission 696 

Q. Does the Committee agree that the Company implemented the Commission’s 697 

order on including non-firm transmission in the GRID model?  698 

A. Yes.  See CCS 4D Falkenberg, page 55, lines 1344-1345. 699 

Q. In CCS 22, does the Committee nevertheless propose a change to the manner 700 

in which the Company has modeled non-firm transmission?  701 

A. Yes.  The Committee acknowledges that it recommended in the 2007 case that the 702 

Company model non-firm transmission using 48 months of data, this 48-month 703 

approach was consistent with avoided cost modeling, and the Commission 704 

adopted this approach in approving the Committee adjustment.  Nevertheless, the 705 

Committee proposes in this case to use 12 months of data to model non-firm 706 

transmission.  This proposal increases NPC by approximately $1 million.    707 

Q. Does the Company agree that this is the correct approach to modeling non-708 

firm transmission in NPC?   709 

A. No.  Traditionally, the Company has modeled only long-term, firm transmission 710 

as a part of its normalized NPC.  This was due both to the difficulty of accurately 711 

predicting and modeling short-term or contingent transmission and the fact that 712 

modeling such transmission as fully available was contrary to normalization 713 

principles.  In the avoided cost order in which the Commission first ordered the 714 
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modeling of non-firm transmission, the order notes the reservations of the 715 

Committee about modeling non-firm transmission: “The Committee has no 716 

objection to modeling non-firm transmission if it is legitimate but notes that it has 717 

no evidence of a reasonable amount that is routinely available.”  In re PacifiCorp, 718 

Docket No. 03-023-14, 2005 WL 3710324 at 10 (Utah PSC October 31, 2005).  719 

  The Commission adopted use of a 48-month history for modeling non-firm 720 

transmission presumably to mitigate these concerns raised by the Committee 721 

about forecasting and normalizing a variable, contingent input.  The Committee’s 722 

proposal to input non-firm transmission takes a step back from ensuring that the 723 

modeling accounts only for “a reasonable amount that is routinely available.”  724 

The proposal reduces the accuracy of an input that is already potentially 725 

unreliable.  726 

Q. Does the fact that the Committee is already contesting the amount of non-727 

firm transmission modeled in this case confirm the Company’s concerns 728 

about using this data in modeling normalized power costs?  729 

A. Yes.  Because it is difficult to accurately forecast contingent transmission, the 730 

Company was concerned that this issue would immediately become controversial 731 

in subsequent cases.  732 

Q. Is it poor policy to accept a Committee-proposed change to the Company’s 733 

approach in this case when that approach was proposed by the Committee 734 

and adopted by the Commission in the last case? 735 

A. Yes.  The Company did not support the Commission’s proposal to model non-736 

firm transmission in the last case for the reasons just noted, but carefully 737 
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implemented it in this case to comply with the 2007 rate case Order.  Without 738 

even giving the Company a chance to implement the Committee’s proposed 739 

approach to non-firm transmission in a single rate case cycle, and without giving 740 

the Commission an opportunity to observe and test the results of its Order, the 741 

Committee now makes a new proposal. The Commission should be skeptical of 742 

new Committee adjustments in this case to Committee adjustments approved in 743 

the last case because the Commission has not even had one full rate case for the 744 

Commission to observe the operation of the original adjustment.  In addition, the 745 

Company should not be put in a position where NPC dollars are subject to 746 

adjustment on a particular issue, even though it is undisputed that the Company 747 

has complied faithfully with a just-issued Commission order on that issue. 748 

  This is an important policy issue for the Commission to resolve because the 749 

Committee has proposed adjustments in this case to virtually all of the material 750 

Committee adjustments the Commission adopted in the last case, including the 751 

modeling of non-firm transmission, planned outages and commitment logic 752 

screens. Indeed, if the Committee accepted its own Commission approved-753 

adjustments from the last case, it would eliminate the bulk of the Committee’s 754 

adjustments in this case. 755 

Short-term Firm Transmission    756 

Q. In CCS 23, does the Committee also propose to extend the Commission’s 757 

order on including non-firm transmission in the GRID model to include 758 

short-term firm transmission in the GRID model?  759 

A. Yes.   760 



  

Page 34 – Rebuttal Testimony of Gregory N. Duvall 

Q. Has the Company historically excluded short-term firm transmission from 761 

the GRID model?  762 

A. Yes, with a few exceptions.  The Company has included the as, if and when 763 

available short-term firm transmission in the GRID model only when the nature of 764 

the transmission made it the functional equivalent of long-term transmission.  In 765 

other words, if the Company relied upon certain short-term transmission in a 766 

manner that made it as predictable and foreseeable as long-term transmission, the 767 

Company included that transmission in the model. Otherwise, the Company 768 

excluded this transmission on the basis that its inclusion was inconsistent with 769 

normalized ratemaking. 770 

  Q. What short-term firm transmission has been included in the Company’s 771 

December NPC study?   772 

A. Short-term firm transmission is included between the Jim Bridger generating plant 773 

and Utah and between Four Corners and south path 15 (“SP-15”). 774 

Q. How has the Company forecast expenses for short-term firm transmission?   775 

A. The Company forecasts short-term firm transmission expense, just like all other 776 

transmission expenses, using its most recent historical actual expense. 777 

Q. Why doesn’t the Company model transmission availability in GRID using 778 

the same approach?  779 

A. Estimating transmission expense in rates and modeling transmission availability 780 

in an optimizing NPC model are very different exercises.  For ratemaking 781 

purposes, the Company must estimate its actual transmission expense as 782 

accurately as possible, so it uses forecasts based upon its most recent actual 783 
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expenses.  For net power cost modeling, to smooth variations and optimize 784 

operations associated with as, if and when available transmission service, 785 

normalizing assumptions are employed that may differ from those used in 786 

capturing related expenses in rates.  Historically, one such assumption the 787 

Company has used is that transmission availability is not modeled for normalized 788 

NPC unless the transmission is available on a firm, long-term basis.     789 

Q. In light of the Commission’s order requiring the modeling of non-firm 790 

transmission, what is the Company’s response to including short-term firm 791 

transmission, regardless of its variability, in its GRID model?   792 

A. The Company agrees that the modeling of non-firm transmission and the 793 

modeling of short-term transmission are closely related. For this reason, the 794 

Company is willing to adjust its filing in this case to model short-term firm 795 

transmission on the same basis as it models non-firm transmission.   796 

Q. In CCS 23, the Committee proposes to reduce the Company’s system NPC by 797 

approximately $9 million to reflect the modeling of short-term transmission.  798 

Is this a reasonable adjustment?  799 

A. No, for at least two reasons.  800 

  First, the Committee proposes to model short-term firm transmission using 801 

one year of data, similar to its proposal on the modeling of non-firm transmission 802 

in this case (but contrary to its proposal on the modeling of non-firm transmission 803 

in the last case).  There is no principled basis for using one year of data instead of 804 

48 months of data because short-term firm transmission varies significantly from 805 

year-to-year, just like non-firm transmission.  806 
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  Second, the Committee has significantly overstated the amount of short-term 807 

firm transmission even using just the most recent year of data. For example, on 808 

one path where the historic data showed 4.7 aMW of short term firm 809 

transmission, the Committee has modeled that path reflecting 165.1 aMW.  The 810 

Committee’s testimony does not note or explain its inflation of the historic data, 811 

the details of which are buried deep in Committee workpapers.  The problems in 812 

the Committee’s modeling show the challenges of hastily adding short-term 813 

transmission to the NPC model.    814 

Q. If correctly modeled using accurate amounts derived from a 48-month 815 

average, how does the introduction of short-term firm transmission impact 816 

NPC in this case? 817 

A. The Committee’s system NPC adjustment declines by more than two-thirds, from 818 

approximately $9 million to approximately $2.7 million total Company.  The 819 

Company has included this adjustment in its rebuttal NPC study in this case.   820 

Transmission Imbalance 821 

Q. In CCS 30, the Committee proposes an adjustment of $1.8 million (system) 822 

for transmission imbalances.  What is the basis for this adjustment?  823 

A. The Committee alleges that the Company benefits from providing transmission 824 

imbalance services in its control areas.  The Committee imputes a “financial” 825 

adjustment which it alleges is equivalent to the benefit.  The Committee attempts 826 

to support this adjustment by claiming that the Company’s NPC reflect the costs 827 

of providing imbalance services, but not the benefit.  828 

829 
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Q. Does the Company benefit from providing imbalance services? 830 

A. No.  Imbalance is a service the Company is required to provide as a control area 831 

operator and the price and terms of the service are subject to FERC approval.  The 832 

terms and price are not set at a level that provides a benefit to the Company, but to 833 

compensate it for the costs of providing the service.   834 

Q. Please explain why the Company does not benefit from providing imbalance 835 

services.   836 

A. As long as the imbalance energy tariff is based on the market price index, as it 837 

is today, rather than the incremental and decremental generation price, the 838 

Company will not benefit from providing imbalance services. If the Company 839 

receives additional energy within an hour because a party generates more than it 840 

schedules, the Company cannot sell it because of a lack of a liquid within-hour 841 

market. The Company reacts operationally by backing down gas, coal or hydro 842 

plants, which would only be running if its variable cost was less than market. On 843 

the flip side, if the Company needs to supply extra energy within the hour because 844 

the party generates less than it schedules, then the Company serves it by either 845 

picking up generation that was held back to accommodate these types of 846 

contingencies, or buying mid-hour in real time, which is a very thin market. By 847 

holding back resources in anticipation of this situation, the Company is forgoing 848 

the value of monetizing that generation in all hours of the year. 849 

  The Committee’s adjustment assumes that the Company benefits from each 850 

and every imbalancing transaction at a level that is equal to the full amount of the 851 

imbalance discount or premium.  This assumption is false because of the market 852 
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realities associated with either liquidating the value of energy it does not know it 853 

has or  acquiring extra energy to serve load it does not know it has. In addition, 854 

the Company is unaware if it received or delivered imbalance energy until after 855 

the fact. It would be impossible to make a sale or avoid a purchase under these 856 

circumstances.     857 

Q. Does the same hold true whether the Company is providing imbalance 858 

services under its FERC OATT tariff or providing the service under legacy 859 

transmission contracts? 860 

A. Yes.  While the Committee alleges that the Company retains the imbalance 861 

premiums or discounts from legacy transmission customers, the point is that these 862 

charges still cover only the cost of providing the imbalance service. They do not 863 

provide an incremental benefit to the Company.  864 

Q. Does the Committee’s adjustment reflect highly inflated imbalance 865 

premiums/discounts? 866 

A. Yes.  The Committee’s adjustment is based upon the assumption of a ten percent 867 

imbalance premium/discount, but the imbalance charge under the legacy contracts 868 

is only five percent.  Additionally, the Committee assumes that an imbalance 869 

charge is assessed for every imbalance transaction.  In fact, the legacy contracts 870 

have an imbalance deadband so that actual generation must differ by more than 871 

five percent from their load before charges apply.  Because most imbalance 872 

transactions are managed within the deadband, the actual imbalance charges 873 

under the legacy contracts are small and do not offset the costs of providing 874 

imbalances services in the deadband.    875 

876 
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Q. The Committee alleges that the Company includes the cost of providing 877 

imbalance services in GRID.  Is this true?  878 

A. No.  The Committee’s statement is incorrect and misleading. If the Company did 879 

include imbalance service in GRID, it would have to hold back generation in all 880 

hours as a standby resource to be ready to provide imbalance energy and would 881 

need to back down existing generation during hours when imbalance energy were 882 

received from third parties. Both of these adjustments would increase NPC. The 883 

Company does not model any transmission imbalances in GRID because these are 884 

inconsistent with normalizing logic.  This is another reason why the Committee’s 885 

adjustment is unwarranted and unfair.  886 

Q. Why did the Commission approve a transmission imbalance charge in the 887 

previous case?  888 

A. The Committee proposed the charge as one of several corrections to the 889 

Company’s transmission modeling in that case. The Company conceded the other 890 

corrections and failed to rebut this adjustment specifically. The Commission 891 

appeared to approve this adjustment as a modeling error, but this adjustment is 892 

different in kind from the other adjustments it was grouped with.  Imputing 893 

revenues for transmission imbalances is itself erroneous, when the only revenues 894 

the Company receives for imbalance services are, at best, compensatory to its 895 

costs of performing the service and when none of those costs are reflected in the 896 

NPC study.  897 

898 
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West Valley Reserves 899 

Q. The Committee’s final adjustment for transmission and ancillary services is 900 

CCS 28, West Valley Reserves.  What is this adjustment?  901 

A. The Committee alleges that the Company has improperly included costs for 902 

providing reserves to the West Valley plant even though the West Valley lease 903 

has terminated. The Committee proposes to remove the costs of reserves, 904 

$460,501 (system) or $184,817 (Utah). 905 

Q.  Is there any basis for this adjustment?  906 

A. No.  The Company is required to hold reserves for all resources in its control area, 907 

including West Valley.   908 

Q. Does the Company’s revenue requirement include revenues related to the 909 

West Valley reserves?  910 

A. Yes.  The Company included an adjustment on page 3.8 of Exhibit 911 

RMP___(SRM-1SS) to add additional revenues relative to providing reserves to 912 

West Valley.  This adjustment adds $349,049 total Company, or $140,763 on a 913 

Utah basis.  The Committee’s adjustment is further flawed because it only 914 

removes costs and not the associated revenues.  915 

Commitment Logic/Start Up Fuel Costs (CCS 1-8) 916 

Q. Please summarize the Company’s current approach to screening its gas-fired 917 

plants to prevent uneconomic dispatch of these units. 918 

A. The starting place for the Company’s screens is the monthly screening 919 

methodology approved in the 2007 rate case Order, including the incorporation of 920 

fuel costs associated with the additional start ups required by the screens.  The 921 
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Company enhanced these screens in this case by setting the screens sequentially 922 

for the major gas-fired units and including specific screens for each of the plants. 923 

This is described in my Second Supplemental Direct Testimony. 924 

 Q. What is the Committee’s response to the Company’s screening methodology 925 

in this case?  926 

A. The Committee acknowledges that the Company “has now adopted a more 927 

rigorous methodology for computing the screens.” CCS 4D Falkenberg at 12, 928 

lines 348-49.  Nevertheless, the Committee proposes several major adjustments 929 

associated with the screens.  930 

Q. Has the Company accepted any of the Committee’s adjustments on 931 

commitment logic? 932 

A. Yes, the Company has accepted the aspects of the adjustments which it believes 933 

will reasonably enhance the methodology approved in the 2007 rate case Order.  934 

First, the Company has agreed to include the Gadsby units in the screens.  935 

Second, the Company has agreed to include start up costs as a part of the 936 

screening methodology.  Together, these adjustments decrease system NPC by 937 

$4.1 million. 938 

Q. Does the Company reject other aspects of the Committee’s adjustments on 939 

commitment logic?  940 

A. Yes.  The Committee has proposed to move from monthly to daily screens, 941 

misleadingly implying that the Commission approved daily screens for the 942 

Company’s gas-fired units in the 2007 rate case Order.  CCD 4D Falkenberg at 943 

13, lines 365-366.  In fact, the Committee proposed monthly screens for the 944 
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Company’s gas-fired units in the 2007 rate case, the Commission adopted these 945 

screens and the Company complied with and enhanced this monthly screening 946 

approach in this filing.  For call options, the Committee again misleadingly 947 

implies that the Commission adopted daily screens, when in fact the Committee 948 

proposed daily screens which the Commission rejected in favor of the monthly 949 

screens proposed by UAE and accepted by the Company.  950 

Q. Why does the Company object to daily screens? 951 

A. The Committee has not demonstrated that the daily screens add significant new 952 

capability to the screens, a standard to which the Committee should be held given 953 

the fact that it is arguing for a change in the methodology approved in the 2007 954 

rate case Order. The design and implementation of daily screens is a significant 955 

undertaking, one that would require additional investment every time the 956 

underlying NPC run changes.  The Commission ordered monthly screens in the 957 

2007 rate case and, as enhanced by the Company, these screens have reasonably 958 

resolved GRID’s uneconomic commitment issues for the gas-fired units and the 959 

call option contracts. 960 

Q. Are there other aspects of the Committee’s adjustments on commitment logic 961 

which the Company contests?  962 

A. Yes.  The Committee proposes to reduce the Company’s start up costs using an 963 

estimate for the energy produced during the start up process and a proxy price for 964 

the energy.  In a related adjustment, UAE proposes to disallow start up costs 965 

altogether.    966 

967 



  

Page 43 – Rebuttal Testimony of Gregory N. Duvall 

Q. What is the justification for UAE to remove the additional start up costs? 968 

A. UAE argues that the additional start up costs are incurred due to “tricking” GRID 969 

into not dispatching uneconomically, and there is no real world wear and tear.  It 970 

is correct that the current manual workaround do require forcing the GRID to shut 971 

down the plants at various times.  However, even if the GRID model can correctly 972 

handle the commitment of the plants, there still would be additional start ups of 973 

those plants because of the constraints.  In any event, the inclusion of start up 974 

costs as a part of commitment logic screening was approved in the 2007 rate case 975 

Order. 976 

Q. What is the justification for the Committee to impute benefits for start up 977 

energy? 978 

A. The Committee argues that the gas units do generate energy during start ups, and 979 

that energy can be used to compensate the costs incurred during the start up.  It is 980 

unclear from their testimony how the Committee determined the amount of the 981 

energy that those units would generate.  982 

Q. What other problems are apparent in the Committee’s adjustment? 983 

A. The Committee seems to have decided the energy that is generated during the 984 

startups is the same as the units’ minimum capacity, an assumption that overstates 985 

whatever incremental energy might be generated.   In addition, during the start up, 986 

a unit has to take energy from the grid, a fact which the Committee has not 987 

considered in its adjustment. Furthermore, for Currant Creek, the Committee’s 988 

adjustment implies that the plant can operate more efficiently during start-up than 989 

it can in actual operation. 990 
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Q. What is your recommendation to the Commission on this subject? 991 

A. The Company has made several adjustments in its commitment logic screens 992 

addressing the correct modeling of start up costs and requiring their consideration 993 

in the screening analysis.  For this reason, the change to valuing start up costs 994 

proposed by the Committee and UAE is now much less material in this case.  995 

There appears to be no good policy reason for the total exclusion of start up costs 996 

as proposed by UAE.  The Committee’s adjustment is not supported by sufficient 997 

evidence to make it a reasonable and accurate adjustment.  The Company 998 

recommends that the Commission continue to study and review this issue, but 999 

reject the associated adjustments as unsubstantiated in this case.  1000 

 Duct Firing (CCS 19-20)  1001 

Q. Has the Company improved its approach to modeling duct firing in this 1002 

case?  1003 

A. Yes.  As outlined in my Second Supplemental Direct Testimony, the Company 1004 

added screens to ensure that duct firing units could not run when the underlying 1005 

unit is not running.   1006 

Q. Does the Committee propose further adjustments for duct firing? 1007 

A. Yes.  The Committee proposes adjustments designed to prevent duct firing from 1008 

operating when the Lake Side and Currant Creek units are running at minimum 1009 

levels.  1010 

Q. What is the Company’s response to these adjustments? 1011 

A. The Company agrees with the Committee that duct firing is not correctly modeled 1012 

in the current filing.  While the Company does not agree with the Committee’s 1013 
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proposed solution, it is willing to adopt it on an interim basis in this case, pending 1014 

further investigation of the issue by the Company.   1015 

Forced Plant Outages (CCS 18) 1016 

Q. The Committee recommends removal of five outages from the calculation of 1017 

plant availability figures. Do you agree the outages were caused by 1018 

imprudence? 1019 

A.  No. In its testimony, the Committee references an Oregon Commission order as 1020 

precedent for these types of adjustments.  However, the Oregon Commission was 1021 

careful to distinguish between management failure and employee error, finding 1022 

that only management failure could form the basis of a prudence disallowance. 1023 

The Company, as stated by the Committee, has excluded the two management 1024 

failure items from the Oregon proceeding from the forced outage rate in this case 1025 

on a proactive basis.  The additional five outage items raised in this adjustment, 1026 

however, were never presented to the Oregon Commission.  None involve 1027 

“management failure” or any other basis for a finding of imprudence. 1028 

Q. Is there a better way to determine whether “management failure” has 1029 

occurred in the Company’s plant maintenance practices? 1030 

A. Yes. Rather than evaluating hundreds of outages to determine whether they 1031 

involve evidence of imprudence, it is more efficient and fair to measure the 1032 

effectiveness of the Company’s operations by measuring performance against a 1033 

peer group. This allows the Commission to look at overall performance against all 1034 

similarly situated utilities and has the benefit of recognizing better than expected 1035 

performance by the Company.  To be meaningful, this comparison must be 1036 
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conducted on a fleet-wide basis, not on a selective plant-by-plant basis, a proposal 1037 

that the Committee advanced but ultimately withdrew in the 2007 rate case.   1038 

Q. What statistics should be considered in doing this comparison? 1039 

A. The key statistics are capacity factor, equivalent availability and planned outage 1040 

factor.  The most recent statistics available are for calendar year 2006.  When the 1041 

Company compares its performance against the NERC/GADS data, it creates a 1042 

peer group by simulating a fleet of similarly sized units so that the comparison 1043 

produces meaningful data.  1044 

Q. How does the capacity factor of the Company’s fleet compare to the 1045 

NERC/GADS peer group? 1046 

A. Capacity factor is the measure of actual output compared to the possible output. 1047 

Therefore, the higher the capacity factor the more the plant has operated at or near 1048 

its maximum capacity. The Company’s fleet has a capacity factor that is greater 1049 

than the NERC/GADS peer group as can be seen in the graph below. 1050 
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 By operating the fleet at these high capacity factors, the Company is able to 1051 

provide greater benefit to its customers by supplying a low cost source of energy. 1052 

Looking at the four-year average ending December 31, 2006, the Company fleet 1053 

had a capacity factor of 76.97 percent versus the NERC peer group with a 1054 

capacity factor of 67.74 percent. The difference in capacity factor represents 1055 

approximately 724 MW of capacity. This represents a substantial benefit to 1056 

customers. 1057 

Q. The Company’s capacity factor for the four-year period ending December 1058 

31, 2006 is 9.23 percent greater than the NERC peer group average. What is 1059 

the approximate value associated with the Company’s above average 1060 

capacity during this period? 1061 

A. The value of the power associated with the Company running above the NERC 1062 

peer group capacity factor for the four-year period ending December 31, 2006 is 1063 
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approximately $246 million. These savings have helped the Company maintain 1064 

relatively low net power costs compared to other utilities. 1065 

Q. How does the equivalent availability of the Company’s fleet compare to its 1066 

NERC/GADS peer group? 1067 

A. Equivalent availability is a measure of the optimal energy that could have been 1068 

generated during a given report period. This eliminates the bias of market 1069 

conditions. It can be seen from the graph below that the Company fleet out 1070 

performs its NERC peer group. 1071 
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  Equivalent availability also takes into account all the reasons a plant could 1072 

be off-line, i.e. planned outages, planned de-rates, forced outages, maintenance 1073 

outages, equivalent forced de-rates and equivalent maintenance de-rates. By 1074 

looking at equivalent availability, it removes the bias of placing an outage or 1075 

restriction in a different category than the peer group. For example, it does not 1076 

matter if an outage is classified as maintenance or forced; they are all treated 1077 
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equally in equivalent availability. 1078 

Q. How does the planned outage factor of the Company’s fleet compare to its 1079 

NERC/GADS peer group? 1080 

A. The planned outage factor takes the amount of planned outage hours over the 1081 

period hours. This is a measure of the percentage of time the planned was off-line 1082 

for a scheduled maintenance outage. The Company’s fleet has less planned outage 1083 

hours than its NERC peer group as can be seen by the graph below. 1084 
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Looking at the four-year average ending December 31, 2006, the 1085 

Company’s fleet had a planned outage factor of 3.29 percent as compared to a 1086 

planned outage factor of 6.54 percent for the NERC peer group. This difference 1087 

equates to a difference of 5.82 TWh of generation (using the average fleet 1088 

capacity of 6,640 MW and the fleet capacity factor of 76.97 percent) over the 1089 
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four-year period.   1090 

Q. What do you conclude from these performance statistics that compare the 1091 

Company’s plant operations to other like-sized plant operators? 1092 

A. The Company’s plant operations are consistently better than other plant operators 1093 

and the Company’s customers are receiving the benefits of this higher level of 1094 

output in reduced NPC.  1095 

Q. Why should the Commission review the prudence of the Company’s plant 1096 

maintenance on a system basis, rather than an individual outage basis? 1097 

A. For three reasons. First, the approach proposed by the Committee is asymmetrical 1098 

where only subpar performance is adjusted and exemplary performance is not 1099 

rewarded.  Second, the only comprehensive way to evaluate a Company’s 1100 

operation is to look at it as a whole and compare it to peer groups.  Third, the 1101 

Oregon Commission order upon which the Committee relies acknowledged that 1102 

imprudence was a function of management failure, not individual mistake.  The 1103 

best way to judge the efficacy of management is to review plant maintenance on a 1104 

system basis, not a one-off basis.  1105 

Currant Creek Forced Outage (CCS 18) 1106 

Q.  The Committee proposes to reduce the Currant Creek forced outage rate 1107 

because it is a cycling plant.  Do you agree with this adjustment?  1108 

A.  No. The Committee's proposal assumes that when a gas plant is out of service for 1109 

a forced outage, the outage should only count during the day. In other words, the 1110 

plant should be assumed to be available during the night-time hours even though 1111 

the plant is broken down. The proposal is neither physically or logically practical 1112 
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and is inconsistent with the Generating Availability Data System ("GADS") 1113 

reporting requirements. 1114 

Heat Rate Curve Adjustment (CCS 21) 1115 

Q. What do you conclude from reviewing the Committee’s testimony on a heat 1116 

rate adjustment?  1117 

A. I presented an exhaustive discussion of this issue in my Second Supplemental 1118 

Direct Testimony.  The Committee has ignored the evidence I presented on this 1119 

issue and continues to propose heat rate curves that are not reflective of the 1120 

Company’s thermal fleet. Rather than continue competing equations and 1121 

examples of why each heat rate plant scenario is right or wrong, I propose a more 1122 

practical approach to this issue. 1123 

Trying to capture actual power system operations in a computer model 1124 

requires reasonable simplifying assumptions. No approach is going to perfectly 1125 

match actual operations. This can only be achieved with an ECAM. In the 1126 

Committee’s first attempt to change this modeling issue, it tried to use a system 1127 

that was either running at full capacity or completely down. This was rebutted as 1128 

impractical and certainly not the way the Company’s system operates. The 1129 

Committee came back with a different approach which also fails to simulate the 1130 

reasonable operation of the Company’s system.  1131 

Modeling should not be based on artificial inputs that have no basis in 1132 

fact. And, overall, the model outcomes should be reasonable.  I demonstrated in 1133 

my Second Supplemental Direct Testimony that the Company’s approach is 1134 

reasonable. Comparing actual NPC results to the NPC level set by the model in 1135 
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rate proceedings, it is clear that the Commission approved modeled level has not 1136 

exceeded the actual level for more than a decade. The Company has used its 1137 

current approach to heat rate modeling throughout this time.  1138 

Q. Does the Committee’s argument that the Company overstated the heat inputs 1139 

of the gas units have merit? 1140 

A. No, the comparison between the modeled average heat rates and the actual heat 1141 

rates of the gas-fired units is not valid.  The dispatch of the gas-fired units 1142 

depends, more than the coal-fired units, on the actual conditions and environment 1143 

of the system, such as actual load requirements, market conditions, availability of 1144 

other resources, and spark spread between the prices of natural gas and electricity.  1145 

Even the Committee recognizes that the gas units cycle more often.  Because of 1146 

these facts, the actual dispatch is expected to be different from the normalized 1147 

dispatch, which leads to different heat inputs of the units making it difficult to 1148 

compare actual and normalized heat rates for gas plants.  1149 

Minimum Load Deration (CCS 21) 1150 

Q. The Committee suggests that unless the minimum generation level of thermal 1151 

plants is derated, then the derated maximum generation could be below the 1152 

minimum generation. Is this a possibility? 1153 

A. No. The hypothetical example provided by the Committee is irrelevant and 1154 

misleading. The Currant Creek example assumes monthly outage rates, which are 1155 

not used by the Company since the Commission adopted annual outage rates in 1156 

the 2007 rate case Order. Both examples represent a situation that would never 1157 

occur on the Company’s system (i.e. a unit with an annual outage rate of 50 1158 
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percent). No thermal unit in the Company’s fleet has an annual outage rate greater 1159 

than 16 percent and no plant has a spread between the minimum generation level 1160 

and the derated maximum of less than 14 percent. There is no mathematical 1161 

possibility that could result in the derated maximum generation being below the 1162 

minimum generation.  1163 

Q. Does the Committee introduce any new arguments on the subject of 1164 

minimum load deration? 1165 

A. No. The arguments presented by the Committee are not new but do not address 1166 

the fundamental problem with the adjustment that allows thermal plants to run at 1167 

levels they physically are not capable of achieving. The Committee suggests that 1168 

since the Company’s method restricts the thermal units from running at levels 1169 

they are capable of running, the Company should relax the restrictions so that 1170 

those units may run at levels they are not capable of running. This is an irrelevant 1171 

argument that does not negate the serious flaw in the Committee’s proposal. 1172 

Wind Integration – UAE 1173 

Q. Please describe the adjustment to the wind integration charge proposed by 1174 

UAE. 1175 

A. UAE has proposed to eliminate the wind integration charge of $1.16/MWh for the 1176 

wind facilities in the Company’s control area, using a different methodology than 1177 

what was used in the Company integrated resource plan (“IRP”) and was adopted 1178 

by the Commission in the 2007 rate case Order. The adjustment would reduce the 1179 

Company’s NPC by $1.2 million on total Company basis, which is the equivalent 1180 

of reducing the Company’s wind integration charge to $0.85/MWh. 1181 
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Q. Please explain why the UAE adjustment should be small, if there should be 1182 

any. 1183 

A. The two methodologies of modeling the wind integration charges—modeling the 1184 

costs of extra reserves or assessing a wind integration charge—are similar.  Both 1185 

are designed to capture the impact of the uncertainty in wind generation within 1186 

the hour.  Such uncertainties can be either modeled in a way similar to follow the 1187 

load fluctuations within the hour, or captured outside the model based on an 1188 

estimated charge.   1189 

Q. Why does the Company use the wind integration charge approach? 1190 

A. The Company uses a charge that was developed in the IRP based upon a 1191 

significant amount of stochastic studies.  The Company elected to use this method 1192 

because of the complicated nature of the wind profiles and location of the wind 1193 

resources that are in the Company’s control area, owned or non-owned, and their 1194 

possible offsetting effect with the uncertainty in the load that Company serves. 1195 

Q. If the two wind integration approaches are expected to be close, why was 1196 

UAE’s adjustment so big? 1197 

A. Because the UAE has made the assumption that the reserve requirements of the 1198 

wind facilities in the Company’s control areas are about 26 megawatt on average, 1199 

and split evenly between east and west.   1200 

Q. Is the amount of the adjustment reasonable? 1201 

A. No. I provided information in my Second Supplemental Direct Testimony that the 1202 

Company’s integration charge is low relative to those of the BPA and Portland 1203 

General Electric, and the BPA recently announced that it intended to substantially 1204 
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increase its integration charge. At a minimum, any proposed methodology change 1205 

that reduces the Company’s wind integration charge should clearly identify why 1206 

the Company’s wind integration charge should be significantly lower than other 1207 

utilities. 1208 

 Q. Are there specific concerns the Company has with this methodology? 1209 

A. Yes. UAE has proposed holding extra reserves in GRID rather than using a 1210 

specific $/MWh charge for integration which was developed through the 1211 

integrated resource planning process using stochastic modeling. This is troubling 1212 

for at least two reasons. First, the location of the reserves is important in terms of 1213 

the impact on net power costs. UAE has increased reserve requirements equally in 1214 

both of the Company’s control areas. This is inconsistent with the location of the 1215 

wind facilities that give rise to the additional reserve requirements, the majority of 1216 

which are located in the east control area and specifically in Wyoming. 1217 

Conceptually, the cost of providing reserves in the east control area are higher 1218 

than in the west control area because the west can carry some reserves on hydro 1219 

resources at a lower cost than carrying reserves on thermal resources.  1220 

  Second, this methodology would be subject to the vagaries of changes in 1221 

market prices. Under UAE’s method, integration costs would increase with 1222 

increases in market price and decrease with declining market prices. This would 1223 

create volatility in wind integration costs. The Commission should understand the 1224 

impact of market prices on UAE’s proposed methodology change prior to 1225 

implementing it. UAE has not provided any information that could help the 1226 

Commission understand this volatility. 1227 
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Q. Do you have any other comments on wind integration costs? 1228 

A. Yes. The Company is currently planning to update its wind integration costs. This 1229 

should be completed in the next couple of months. The Commission should not 1230 

change course from that set in the 2007 rate case Order until it has the benefit of 1231 

reviewing the new integration costs being prepared by the Company.  1232 

Cholla Capacity (CCS 26) 1233 

Q. Please describe the Committee’s proposed adjustment to the Cholla 1234 

maximum capacity rating. 1235 

A. The Committee erroneously characterizes the Company’s modeling as a derating 1236 

of the Cholla maximum capacity rating. The maximum capacity of Cholla has 1237 

been upgraded, but due to the lack of firm transmission to move that additional 1238 

capacity to its system, the Company did not increase Cholla’s maximum capacity 1239 

above the amount of its firm transmission rights.  1240 

Q. Is it reasonable to conclude that 1.2 MW on average of this extra capacity 1241 

was made available with short-term firm and non-firm wheeling as claimed 1242 

by the Committee? 1243 

A. No. The Company is limited to 387 MW by its interconnection agreement with 1244 

Arizona Public Service Company.  This limit is not only contractual, but also 1245 

physical, and it is not possible to schedule any capacity above that level. 1246 

Q. Has the Company double-counted the capacity reduction as claimed by the 1247 

Committee? 1248 

A. No. The Committee has mixed up actual operation with the deration method used 1249 

for forced outages. In actual operations, Cholla capacity is limited by the 1250 
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transmission constraint of 387 MW. The extra 3 MW associated with the capacity 1251 

uprating of Cholla cannot be delivered to the Company’s power system. Adjusting 1252 

the derated capacity is the equivalent to assuming that the Company has 390 MW 1253 

of firm transmission rights out of Cholla. This is simply not the case. The 1254 

Committee’s adjustment assumes that Cholla runs at the derated capacity in GRID 1255 

in actual operations, leaving additional transmission available all of the time. This 1256 

adjustment does not reflect the realities of the physical system and should be 1257 

rejected. 1258 

Early Access to GRID 1259 

Q. How do you respond to the Committee’s recommendation to require the 1260 

Company to provide access to the NPC model at the time of filing a case? 1261 

A. I believe this is both unnecessary and impractical. Already, the Company provides 1262 

its workpapers, GRID model and MDRs soon after its filing.  The Company needs 1263 

a short amount of time after the filing to obtain a protective order, organize the 1264 

data and files used in the GRID model and manage the logistics of data transfer to 1265 

the parties. The Committee has not demonstrated that this small delay is 1266 

prejudicial to it.    1267 

Q. Does this conclude your rebuttal testimony? 1268 

A. Yes. 1269 
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