
Q.
Are you the same Gregory N. Duvall that provided direct testimony in this proceeding?
A.
Yes.  
Q.
What is the purpose of your second supplemental direct testimony?

A.
I present the Company’s updated net power costs that are adjusted based on the Commission Order on Motion for Test Period, issued October 30, 2008, which changed the test period in this case from 12-months ending June 2009 to the 12-months ending December 2009.  As a part of adjusting net power costs for the new test period, my testimony includes updates for changes in net power costs since the Company’s Supplemental filing on September 10, 2008.  Additionally, since my testimony in September, the Order on Revenue Requirement in the Company’s previous general rate case, Docket 07-035-93, became final with the issuance of the Commission’s Order on Reconsideration, dated October 13, 2008. In this testimony, I address the major net power costs issues raised in Docket 07-035-93, including: 
· Pricing and modeling of the sales contract with the Sacramento Municipal Utility District (“SMUD”)
· Modeling of impact of thermal derates on heat rate curves and minimum generation
· Impact of thermal ramping on net power costs and the modeling of ramping losses
· Modeling around the commitment logic issue and non-firm transmission, including non-firm transmission at SP-15
· Planned outage scheduling
· Modeling of plants with duct firing 

· Determination of wind integration charges, and
· Hydro modeling
Updates to the Net Power Costs Calculation
Q.
What are the proposed normalized net power costs in this filing?

A.
The normalized net power costs for the twelve months ending December 2009 are approximately $420 million on a Utah allocated basis, or $1.053 billion system-wide. The Company’s net power cost study is provided as Exhibit RMP___(GND-1SS).  The allocation of total Company net power costs to Utah is presented in Exhibit RMP___(SRM-2SS) in Mr. Steven R. McDougal’s second supplemental direct testimony.
Q.
How does this result compare to proposed net power costs in your previously filed testimony in this case?
A.
Net power costs are lower, primarily as a result of changes in the Company’s load forecast and forward price curve. The Company originally filed this case using the Company’s June 30, 2008 Official Forward Price Curve and the October 2007 load forecast. To prepare this supplemental filing, the Company used its October 2008 load forecast
 and its November 4, 2008 Official Forward Price Curve, a price curve also used to set indicative prices for direct access in Oregon.  


In my July 2008 direct testimony, the Company proposed net power costs of $469.6 million on a Utah allocated basis, or $1.129 billion system-wide for the 12-month period ending June 30, 2009.  In my September 2008 supplemental direct testimony, based upon the same test period, load forecast and forward price curve, but taking into account the results of the Commission’s Order in the 2007 general rate case and other updates, the Company’s net power costs were $461 million on a Utah allocated basis or $1.109 billion system wide. 
Q.
Please explain the variations in recent net power costs forecasts in more detail. 

A.
The Company has experienced unprecedented increases in its net power costs over the last several years and, commencing in July 2008, is also experiencing substantial volatility.  As indicated in my direct testimony in this case, the June 30, 2008 forward price curve used in the Company’s filing reflected dramatically increased energy prices and was more than 20 percent higher than the curve used in the Company’s 2007 general rate case.  The Company’s actual net power costs were $975 million for calendar year 2007; $1.055 billion for 12-months ended May 2008; and $1.078 billion for 12-months ended August 2008.  


After these sharp increases, net power costs began to level off in August 2008 in response to falling demand and economic upheaval. This second supplemental filing has permitted the Company to capture changes in anticipated loads and in the forward price curve and reduce its net power costs in this case.  As a result, the Company’s net power costs for calendar year 2009 are now in the same range as the net power costs for calendar year 2008 reflected in my rebuttal testimony in the 2007 general rate case.
Q.
Do variations in net power costs forecasts reveal problems in the Company’s net power costs modeling? 

A.
No.  The variations reflect the inherent volatility of inputs to the Company’s net power costs, not deficiencies in the Company’s net power costs modeling. 
Q.
How should the Commission respond to the current volatility in net power costs? 

A.
In the 2007 general rate case, the Company proposed to update its forward price curve in its rebuttal filing to more accurately reflect net power costs during the test period. Similarly, in my direct testimony in this case, the Company proposed to update its net power costs in its rebuttal testimony for material changes in net power costs, such as new contracts, fuel costs and the forward price curve, irrespective of whether these changes increased or decreased net power costs. 



While the Commission rejected the Company’s proposal to update the forward price curve in its rebuttal testimony in Docket 07-035-93, the Company continues to believe that more frequent updates to the key components of net power costs, especially the forward price curve, will increase the accuracy of the net power cost forecast. This supplemental filing demonstrates the potential for such updates to work reciprocally, lowering net power costs when the forward price curve and load forecast are declining.  
Q.
Are there other, more long-term responses the Commission should consider to address the volatility of net power costs?

A.
Yes. The Company plans to seek Commission approval of an Energy Cost Adjustment Mechanism (“ECAM”) in its next general rate case filing.  By setting power costs in rates based upon the Company’s actual costs, rather than modeled forecasts, an ECAM effectively addresses concerns about under- or over-forecasting net power costs in a volatile cost environment.  

Q.
If an ECAM is the appropriate response to net power costs volatility, why didn’t the Company include an ECAM proposal in this case?

A.
The Company did not include the ECAM in this case because of a commitment from the MidAmerican Energy Holdings Company transaction, Docket No. 05-035-54, to pre-file such a mechanism at least three months prior to the general rate case in which approval of the mechanism was sought.  
Q.
Is the Company’s plan to file an ECAM for approval prior to its next general rate case relevant to this filing?

A.
Yes, in at least two respects.  First, the net power costs determined in this case will bridge the Company to its proposed ECAM. The fact that the Company proposes to replace rates set in this case with rates set under an ECAM in the near future should mitigate concerns about forecasting net power costs in the current volatile cost environment.  Second, the Company is currently designing the ECAM mechanism for Utah. The Company has met with parties on this proposal and welcomes feedback from the Commission and the parties on ECAM design and fundamentals, especially as informed by the Company’s net power costs filing in this case.
Q.
Please describe the major changes in net power costs reflected in this second supplemental filing. 
A.
All inputs to the GRID model have been revisited and updated, as necessary, to comply with the changes in both test period and base period.  In addition to the new forward price curve and revised load forecast (which is explained in detail in the supplemental testimony of Dr. Peter C. Eelkema), the filing reflects increases in coal costs, changes to the in-service date of the High Plains project, and various corrections and refinements to increase the accuracy and understandability of the net power costs forecast.  The Company also made several new modeling changes to address issues raised in the 2007 general rate case. These are discussed in detail in the second section of my testimony. 
Q.
Have coal costs increased from the previous filing despite the economic downturn?

A.
Yes.  Overall, system coal costs have increased by $14.6 million.  Approximately $8 million of this increase is related to changes in coal pricing while the remainder is related to coal volume.  
Q.
Did mine operating expenses for the Company’s Deer Creek and Bridger mines change as well? 

A.
Yes.  The test period reflects increased mine operating costs at Deer Creek and Bridger Coal Company.   Mine operating costs were higher at Deer Creek by $0.4 million and at Bridger Coal Company by approximately $6.4 million.

Q.
Have test period purchase coal costs changed?  

A. 
Yes.  On a net basis, test period purchase coal costs increased by $1.2 million. Coal purchased under fixed price long-term agreements increased by approximately $6.1 million, while coal and transportation agreements with escalator provisions decreased by approximately $4.9 million due to lower crude oil and natural gas prices.  
Q.
Does the High Plains wind facility have a new in-service date?
A.
Yes.  Based on the current construction schedule, the expected in-service date of the High Plains facility is November 1, 2009, a change from the June 1, 2009 in-service date contained in the Company’s first supplemental filing.

Q.
Did the Company include various corrections and changes in its second supplemental filing to increase the accuracy of the net power costs forecast?
A.
The Company made three such changes in this filing: (1) the Company corrected the quantity of fuel needed to start up the Currant Creek and Lake Side plants to correspond to the operating mode assumed in GRID, which has two gas turbines and one steam turbine, instead of the previously assumed one gas turbine and one steam turbine; (2) the Company changed the ramping loss of Cholla 4 to account for the mismatch between availability and generation level on an hourly basis due to the inconsistent use of Pacific Standard Time and Pacific Prevailing Time; and (3) the Company modeled the maximum capacities of the Currant Creek and Lake Side plants on monthly basis without the split between heavy load hours and light load hours, and modeled minimum operating levels at their respective technical capabilities without variations on monthly basis.
Responses to Net Power Costs Issues from Docket 07-035-93
Q.
Has the Company taken into account the results of Docket 07-035-93 in modeling its net power costs?

A.
The net power costs I am sponsoring comprehensively incorporate the results of the Commission’s Order in Docket 07-035-93. Additionally, the Commission asked for further analysis and review on a number of issues. This second supplemental testimony provides this additional discussion and support for the Company’s position on these issues. 
Q.
Please describe the net power costs adjustments the Company made in this case related to issues raised in Docket 07-035-93. 

A.
In its original July 2008 filing in this case, the Company reflected all of the issues conceded in its rebuttal testimony in Docket 07-035-93, including: the application of screens to prevent the uneconomic dispatch of the Currant Creek, Lakeside and Chehalis gas plants; the removal of any uneconomic dispatch costs of the call options; the application of a planned outage schedule without outages in the winter or summer months; and the removal of the ramping adjustment for gas plants. The filing also reflected all of the various contract updates and corrections raised by parties in Docket 07-035-93, including the Sunnyside qualifying facility contract, the Tesero and Kennecott power purchase agreements, Goodnoe Hills and Borah Brady transmission, transmission cost escalation, Hermiston losses, removal of self-supply non-owned reserves and the Currant Creek outage rate. 


In its first supplemental filing in September 2008, the Company made two major additional changes to its net power costs to reflect the Order in Docket 07-035-93.  First, the Company added weekly (but not monthly) modeling of its forced outages.  Second, the Company added non-firm transmission.  Based on its pending petition for reconsideration, the Company did not incorporate the adjustment to the SMUD contract modeling and pricing contained in the Order in Docket 07-035-93. My first supplemental direct testimony also disputed the applicability of two relatively minor adjustments, transmission imbalance and the Bio-Mass Non-Generator Agreement.   


In this December 2008 second supplemental direct testimony, the Company responds to the decision on the Company’s motion for reconsideration on SMUD.  Because the Commission did not reconsider its decision on SMUD normalization modeling, the Company reflected this modeling change in net power costs in this filing.  The next section of my testimony addresses the Company’s continuing concerns on this issue. 


Additionally, as explained below, the Company made two other modeling changes, both designed to increase the accuracy of the net power costs forecasts and minimize future controversy over modeling approaches:  (1) transmission to the SP15 market; and (2) changes to normalized hydro generation modeling.
Q. 
Have you prepared exhibits that summarize the development of net power costs in this case, taking into account the issues raised in Docket No. 07-035-93?

A.
Yes.  Exhibit RMP___(GND-2S) to my first supplemental direct testimony contains a complete list of all changes incorporated in the original and first supplemental filings, along with a list of updates and corrections.  Exhibit RMP___(GND-2SS) to this second supplemental direct testimony contains a list of the updates and changes it reflects. 
Pricing and Modeling of the SMUD Contract
Q.
Please describe the methodology that the Company is using for normalizing the SMUD sales contract.
A.
In Docket 07-035-93, the Company modeled the SMUD sales contract consistent with all other contracts in normalized power costs, assuming SMUD would optimize its energy take based on market information.  The Commission’s order in Docket 07-035-93 instead modeled the energy take of the SMUD contract based on historical monthly patterns.  In my first supplemental direct testimony in this Docket, I continued to model the SMUD sale assuming SMUD would optimize its energy take based on market information, pending the Commission’s decision on rehearing in Docket 07-035-93.  In its Order on Reconsideration on October 13, 2008 in Docket 07-035-93, the Commission did not change its position on the SMUD normalization modeling.  As a result, for the purpose of this second supplemental direct testimony, I have modeled the energy take of the SMUD contract based on historical monthly patterns in the current update. 
Q.
In Docket 07-035-93, the Commission invited parties to suggest alternative ways to model the contract.  Do you continue to believe it is incorrect to model the SMUD contract based on historical delivery pattern?
A.
Yes, it is incorrect to model the SMUD contract based on historical delivery patterns when all other contracts are optimized through GRID. What is important is that the Commission provides consistency in its policy; that is, regardless of the method selected, it should be applied consistently to all wholesale contracts. It is not equitable for the Commission to model only the SMUD contract using actual data while optimizing all other wholesale contracts. Use of actual delivery patterns rather than optimized delivery patterns will always lower net power costs for wholesale sales contracts such as the SMUD contract. The opposite is true for purchased power contracts that give the Company flexibility in how the power is taken. It is not fair or consistent to normalize different contracts using different rules.
Q.
Are there other contracts with flexibility that the Company models on an optimized basis?
A.
Yes. The Company’s capacity contract with the Bonneville Power Administration, as well as the purchase power contracts for the output of half of the Hermiston power plant and the Mid-Columbia projects are examples of contracts that give the Company flexibility and are normalized using GRID.
 Q.
Has the Company modeled these other contracts on historical usage patterns in this filing?
A.
No because of concerns that such an approach would be inconsistent with using GRID, which is an optimization model.
Q.
What does the Company recommend for modeling wholesale contracts?
A.
There are three possible options, all of which are based on the principle of equity in the treatment of wholesale purchase and sales contracts. First, the Commission could let all contracts be optimized by GRID within the terms of the contracts as the Company has done in Utah in the past. Second, all contracts could be modeled using four-years of historical delivery patterns; however this defeats the purpose of using an optimization model. Third, the Commission could implement a mechanism to true-up cost recovery with actual net power costs, consistent with the ECAM the Company intends to file prior to the Company’s next general rate case. In this case, the Company suggests that the Commission return to its historical modeling practice, optimizing all wholesale contracts.  In the next case, the Commission can handle this issue through an ECAM.  
Q.
In the Order on Reconsideration, the Commission decided to continue to use the $37/MWh imputed price for the SMUD contract, but asked for additional discussion on this issue.  What is your recommendation for pricing for the SMUD contract?
A.
Consistent with the Commission’s Order on Reconsideration, the Company has used $37/MWh in calculating net power costs in this filing, a price which has been repeatedly litigated and upheld as fair policy by this Commission and others.  My first supplemental direct testimony explains why the Commission should continue to apply the $37/MWh price. 


 If the Commission decides to change its approach to SMUD contract pricing, however, the Company recommends the price be set no higher than $42/MWh for the remaining life of the contract. As discussed below, this is supported by combining a revenue imputation for the $94 million using nominal levelization with the sales revenue. It is also supported by the contemporaneous pricing of the Southern California Edison (“SCE”) sales contract. 
Q.
Do you believe the SMUD contract should be repriced to incorporate the return of the $94 million upfront payment from SMUD?  
A.
No. I believe the Commission should continue to impute a price of $37/MWh for the SMUD contract. However, the Order on Reconsideration in Docket 07-035-93, the Commission states on page 9:

“Value from the SMUD contract should include recognition of all of the components received by the Company in exchange for the provision of power."
Q.
Please identify the components received by the Company in exchange for the provision of power.
A.
The Company received: 1) a lump sum payment of $94 million; 2) revenues for delivery of the power pursuant to the terms of the agreement with SMUD; and 3) an option to purchase power from the Bonneville Power Administration for approximately eight years. The first two components can be easily quantified, while the last component, the long-dated option contract, is more difficult to value.
Q.
Do you have any comments on the method presented by the Division of Public Utilities (“DPU”) and initially ordered by the Commission in Docket  07-035-93?

A.
Yes. If the Commission wants to account for the $94 million, there are several approaches to spread the revenues over the life of the contract. The approach presented by the DPU in Docket 07-35-93 is one such approach. The DPU chose to use a real levelized amount escalating with inflation on an annual basis. This has the effect of increasing the revenue stream each year by inflation. During 2009, the SMUD contract will be in the 20th year of its 25 year term, so using a levelization method that increases year-over-year will produce the highest revenues at the end of the contract.  On the other extreme, the lump-sum could be treated in the same manner as rate base, which starts high and declines over time. Finally, in the middle, the lump-sum payment could be levelized on a nominal basis and remain constant over the term of the contract like a typical fixed interest rate mortgage. I recommend the middle approach as the fairest approach to changing the imputed price late in the life of the contract.  
Q.
Have you prepared any numbers to illustrate the levelization of the $94 million?

A.
Yes. Exhibit RMP___(GND-3SS) shows the results of using a rate base approach, a nominal levelized approach and a real levelized approach to develop imputed revenues from the lump-sum payment. Each result is combined with the revenue received by the Company under the SMUD agreement to show a total imputed price. For the nominal levelized method, the revenues were levelized consistent with the levelization of the $94 million. In the other two cases the revenues were not levelized. The Company’s proposed price of $37/MWh is also shown on Exhibit RMP___(GND-3SS).
Q.
Are there other factors the Commission should consider in making a price or revenue imputation for the SMUD contract?

A.
Yes. The price of the long-term contract with SCE can be used as a benchmark. The SCE sale was made at about the same time and at the same delivery point as the SMUD sale. They were also both executed when wholesale sales had to be made at or below cost, which is quite different than today where transactions are done at market prices. These earlier prices are well documented in prior Commission orders and range from $37 to $42/MWh. Through time, the SCE contract changed delivery points and structure. Absent taking these factors into account, simply looking at prices over the life of the SCE contract become less meaningful the further out in time. The $37 to $42/MWh price range should get the most consideration since it was contemporaneous with the SMUD contract and more properly reflects the assumptions in the marketplace when the transaction was entered into.
Q.
Have you quantified the value of the long-dated option?
A.
No. While not quantified, the value of holding the option was available to customers for about eight years, or nearly one-third of the life of the sales contract. In setting the imputed price for the SMUD contract, I would encourage the Commission to qualitatively consider that 100 percent of the value of this option has already been passed on to customers. This could be done by reducing the revenue imputation from the $94 million by some amount deemed reasonable by the Commission and could be a way to reflect that a portion of the value of the SMUD contract was derived by using a shareholder asset to consummate the transaction.
Impact of Thermal Derate on Heat Rates and Minimum Generation
Q.
Please describe the derating of the heat rate and minimum generation level.

A.
In its Order in Docket 07-035-93, the Commission indicated that the impact of thermal derating on heat rates and minimum generation level of the thermal units warranted further investigation.  The Commission seemed particularly interested in understanding the extent of the issue and how different modeling approaches compare to actual operation. In that docket, the Commission was presented with two alternatives of implementing the deration method for treatment of forced outages. The Company’s approach derated the maximum capacity of the unit in every hour of the year by an equal percent based on historic forced outage rates, which constitutes a “hair cut” in unit availability. The alternative approach sponsored by the Committee of Consumer Services (“CCS”) would make adjustments in both the minimum capacity and heat rate of the unit, in addition to maximum capacity adjustment made by the Company.  
Q.
Should the use of the derating method for modeling forced outages change the heat rate or minimum generation level of a unit?
A.
No.  In fact, changing the heat rate curve or the minimum generation level can lead to unintended consequences. For example, if a unit is dispatched at a level below the derated capacity, the heat rate will be wrong if it has been changed, since the heat rate at that level is unrelated to the derating. The same type of unintended consequences can occur when derating the minimum generation level. In that case, the model could dispatch the unit at a level it is not capable of achieving.
Q.
How do the modeled heat rates compare to actual operations?
A.
Exhibit RMP___(GND-4SS) compares the average heat rates from two GRID runs with results from actual operations from the 48-month period ending June 2008.  In the first GRID run, only the maximum capacities of the units are derated for outages.  In the second GRID run, the heat rate coefficients of the units are also adjusted for the outages.  The comparison shows that both methods have differences when compared with historical actual results on a unit basis.  However, taking all those units as a whole, the overall difference from the first GRID run is significantly smaller than the one from the second GRID run, whether it is based on simple average or weighted by the quantity of heat inputs of the units.

Q.
Why does the second method significantly understate the heat rates?

A.
It is because the derate adjustments are applied incorrectly.  The only time when the derate adjustment to the heat coefficients may be applicable is when the unit is dispatched at its maximum capacity.  But, due to the availability “hair cut” already modeled in GRID, a unit will never be dispatched at its stated maximum capacity in GRID.  When the unit is dispatched at a level below its maximum capacity, GRID has made the optimal decision to dispatch that unit at a lower and less efficient generation level whether it has been derated or not.  Therefore, derating the entire heat rate curve overstates the efficiency of the unit and understates the heat inputs.  Confidential Exhibit RMP___(GND-5SS) shows the heat rate curves under the two methods for the Hunter 3 unit from minimum to maximum generation, which clearly demonstrates that heat input required for various levels of generation is understated using the derate-adjusted heat rate.

Q. 
Does this suggest that the Company should adjust the heat rates at least to the derated maximum capacities of the units?

A.
No.  The Company uses the “hair cut” to adjust down a unit’s capacity that is still at a relatively efficient level.  In actual operations, a unit can be derated to any level between its minimum and maximum capacities.  As shown in Exhibit RMP___(GND-4SS), the Company’s modeling result is very close to the actual result.

Q.
Is it realistic to derate the minimum generation level of a unit for forced outages?
A.
No.  The minimum generation level of a unit is based on its technical specification below which it can not operate. Reducing the minimum generation level of coal units below their technical capability artificially increases the operating range of each unit thereby incorrectly reducing net power costs. Since PacifiCorp has 26 coal units, this can amount to a significant reduction to net power costs that the Company is simply not capable of achieving.
Impact of Thermal Ramping on Net Power Costs
Q.
What is the purpose of the ramping loss adjustment the Company modeled in its normalized NPC?
A.
The ramping loss adjustment is designed to capture the impact of the generation from a thermal coal-fired unit as modeled in GRID but not available in actual operation when the unit is starting up after being offline.

Q.
What is involved in starting up a thermal unit?
A.
As stated in Steam, by Babcock & Wilcox
, 


“Operating procedures vary with boiler design.  However, certain objectives should be included in the operating procedures of every boiler: 1) protection of pressure parts against corrosion, overheating, and thermal stresses, 2) prevention of furnace explosions, and 3) production of steam at the desired temperature, pressure, and purity.”



The actual time required for each unit to startup is largely dependant on the design of the unit and the temperature of the components.  On average for steam generating units, this period of time takes about eight hours if the unit can quickly be brought back online while still hot, or over 24 hours if the units have been allowed to cool.



There are four events of note when discussing startup:

1)
Clearance Release – The cause of the outage has been addressed, and the unit is cleared for operations to begin warming the unit.

2)
Synchronization to Electric Grid – Steam is flowing to the turbine which is spinning the generator at 3,600 rpm.  At this time, the outage is complete for tracking purposes.

3)
Unit Available for Dispatch – The unit load has increased to a point where generation can be dispatched based on customer demand.

4)
Unit at Full Load – The unit load has increased to the maximum rated capacity. 

Q.
Does the GRID model consider these procedures and events?
A.
No.  In GRID, all thermal units are modeled as if they can start up and be available at their full capabilities instantaneously when returning from offline.  As a result, the energy output from the generating units is overstated for the duration when the units are starting up.  Figure 1 depicts the difference in generation between what is modeled by GRID and what occurs in actual operation.
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Figure 1. GRID vs. Actual Unit Ramping
Q.
How does the Company estimate the ramping loss adjustments for the coal-fired units?

A.
The ramping losses are calculated based on actual 48-month historical hourly data.  Ramping loss is the difference between a thermal unit’s availability and actual generation within a maximum of a twelve-hour window after the unit returns from being offline for any reason. The estimates are limited to only include the differences that are greater than ten percent of the availability.  If the differences fall within ten percent of the availability in less than twelve hours, any differences after that time are also excluded from the estimates.  That is, it is assumed that there are no ramping losses after twelve hours even if the unit still has not reached its availability, and it is also assumed that there are no ramping losses if the difference between unit’s availability and generation is less than ten percent of the unit’s availability.
Q.
Does the Company model ramping loss adjustment for the gas-fired units?
A.
No.  Although the gas-fired units may not be available instantaneously after returning from any offline period, the time for them to start up is much shorter.  For an hourly model like GRID, the difference is not as significant.  The Company’s Gadsby units 1, 2 and 3 are steam generating units by design, although they are gas-fired.  However, for simplicity, they are treated the same as other gas-fired units and do not have ramping loss adjustments.
Modeling Around the Commitment Logic Issue
Q.      What steps has the Company taken to mitigate the uneconomic model operation?
A.      From its original filing in this case, the Company has taken steps to ensure that there is no uneconomic dispatch of resources in its net power costs model on a monthly basis. Once all other inputs have been set, final net power costs are determined after a series of GRID runs to screen out the uneconomic commitment of gas-fired plants. The screens are set in a way to block the gas-fired plants from being committed to run if they displace less expensive resources when running.  The screens are set for the Currant Creek, Lake Side and Chehalis plants.  
Q.      Could you please give an example on how a screen is set up?
A.      The screen is reflected by a change in planned outages to make the plant not available during the periods when it is not economical for it to run.  To set up the screen for the Currant Creek plant, for example, a run was made including the plant with the normalized planned outages only.  The second run was made excluding the plant from the resource portfolio.  Then based on hourly comparison of the variable costs between with and without the plant, additional “planned outages” are determined.  These planned outages are blocks of hours on monthly basis when it is uneconomical to run the Currant Creek plant.  The screens are set sequentially for Currant Creek, Lake Side and Chehalis.  And the final run includes specific screens for each of the plants. This is a new step introduced by the Company in this supplemental filing as a means of more accurately addressing the commitment logic issue. I believe it is an improvement over the six hour screens used in the Company’s direct and supplemental filings in this case.
Q.      Has the Company verified that the call options in GRID are exercised economically?
A.      Yes.  There are two call option contracts in the current test period.  Runs were made to check if they are exercised economically.  One of the call options was restricted from being exercised because exercising it would cause the net power costs to go up.
Q.
Has the Company added non-firm transmission to its net power costs modeling as directed by the Commission in Docket 07-035-93?

A.
Yes.  This was included in the Company’s first supplemental filing.
Q.
In this filing, has the Company added a transmission path between its Four Corners and SP15 transmission areas to address similar concerns?
A.
Yes.  While the Company has not purchased firm or non-firm transmission on this path, the Company has added this path to its net power cost model.  In the current model update, the Company added a transmission path, at zero variable costs, from the Four Corners transmission area to the SP15 market to meet the requirement of the short physical positions that are created by the short term firm sales at SP15.

Q.
Please explain why the Company enters into transactions that have delivery points in SP15 when it does not have firm transmission rights.
A.
Sales at SP15 are made to hedge the Company's long fixed price position at Four Corners. This occurs when the Company has a desire to hedge its fixed price exposure but the Four Corners market is illiquid.  A portion of the transactions are financial hedges and do not require physical delivery of power.  However, if the hedges are physical products, at a time closer to delivery when the Four Corners market becomes more liquid, the Company would sell at Four Corners and buy at SP15.  Alternatively, the Company may wheel the power from Four Corners to SP15 to close the SP15 physical positions in the hour-ahead market if transmission were available and it is more economical to do so. While the Company’s original NPC study in this case allowed for purchases at SP15, it did not allow for transfers from Four Corners to SP15.
Q.
How does the Company size the transmission path from Four Corners to SP15?
A.
As described above, the Company utilizes the SP15 market to hedge the exposure at the Four Corners area when the Four Corners market is still illiquid. Since the transactions at SP15 are for system balancing rather than trading, the size of the transfer allowed from the Four Corners to SP15 should not exceed the physical short positions at the SP15 market.  That is, the physical short positions at SP15 may be met either with purchases in the SP15 market, or transferred from the Four Corners market on a forward basis in GRID.

Q.
Is it realistic to model a firm transmission path from Four Corners to SP15?
A.
Not at this time.  However, given the inputs that include non-zero hedged positions at SP15 and the possibility of such positions being closed by power wheeled in from the Four Corners area on an hour-ahead or day-ahead basis, assuming a “firm” transmission path from Four Corners to SP15 based on the size of the short positions is a reasonable way to model net power costs.
Scheduling of Planned Outages
Q.
Has the Company used the planned outage schedule that is implied in the Commission Order in Docket 07-035-93?
A.
No, that schedule was flawed because it included maintenance of a coal plant in January, inconsistent with the Company’s historical maintenance practices.  In addition, with the updated base period that incorporates historical data through June 30, 2008, that schedule is no longer applicable.  However, the Company did respond to the Commission’s Order in Docket 07-035-93 by modifying its planned outage schedule to better reflect historical maintenance practices.  
Q.
How does the Company schedule the normalized planned outages?
A.
In GRID, the length of the planned outages is based on 48-month historical data, and the planned outages are scheduled in a way that all plants are on maintenance during the test year, even though this is not the actual practice.  The outages are scheduled on a control area basis, and within certain windows to take advantage of the market conditions and limit the number of major units on planned outage at one time.  Due to the length of the outages, however, it may be necessary for several plants to be on outage simultaneously.
Q.
Why doesn’t the Company use the historical schedule of the planned outages in its normalized net power cost calculations when it uses historical length of the planned outages?
A.
The Company plans for major overhaul of units in a four-year cycle in general.  For major overhauls, the outage time is longer.  The major overhauls of various units are scheduled at different times to minimize any significant impact to generation levels.  In addition, the timing of the historical planned outages is impacted by the composition of the resources at the time, market conditions at the time and load at the time.  Because of the need to normalize the costs of this four-year cycle into a single test year, the actual historical schedule cannot be used in ratemaking without some modification.
Modeling of Duct Firing Units
Q.
How has the Company modeled duct firing units?
A.
The duct firing units are modeled as separate units from the underlying 2X1 combined cycle combustion turbines consistent with how the Company modeled these units in Docket 07-035-93. Ideally, they would be modeled together as a single unit, since the duct firing units cannot run until the underlying 2X1 combined cycle plant is fully running. They are not, however, because the duct firing unit and the underlying 2X1 combined cycle unit have significantly different heat rates. 
Q.
Has the Company made any improvements in how it models duct firing units in this filing?
A.
Yes. The Company has added screens to ensure that the duct firing units do not run when the underlying unit is not running. The separate modeling with screening is reasonable given the difficulty in modeling these complex plants.
Q.
Is this how the units actually operate?
A.
Yes.  A duct firing unit comes online only after the underlying unit reaches its maximum capacity. The Company’s modeling now recognizes this dependency in that the duct firing units cannot operate independently of the underlying unit.  
Determination of Wind Integration Charges
Q.
Has the Company incorporated wind integration charges in its proposed net power costs?
A.
Yes.  The wind integration charges for the wind generation that falls within the Company’s control areas are based on the Company’s 2007 Integrated Resource Plan (“IRP”).  The analysis and findings are documented in Appendix J of the IRP (pages 189-193). The wind integration charges for the Company’s wind generation from Leaning Juniper and Goodnoe Hills that falls within the control area of the Bonneville Power Administration (“BPA”) are based on the tariff rate that BPA currently charges.

Q.
What are wind integration charges?
A.
Wind integration charges intend to capture the costs that are above and beyond the reserve requirement that the Company is obligated to carry, which is five percent of the wind generation and has been modeled in GRID.  The nature of the wind generation not only makes it non-dispatchable, but also requires additional resources to be ready to follow its changes from time to time similar to following changes in load.

Q.
How is the Company’s wind integration charge calculated? 

A.
In the Company’s IRP analysis, the load-following reserve requirement was calculated based on the increased uncertainty of system net load in the next hour due to the volatility of the 2,000 megawatt of wind resource proposed in the IRP preferred portfolio.  The study first considers the variability of the system load.  Next it applies wind generation as a negative increment of load and then determines the variability of load net of wind.  The difference between the variability of load and variability of load net wind is a measure of the incremental load following reserves requirement.  The cost of holding incremental reserves was established by running multiple stochastic studies of the IRP power cost model with increasing reserve requirements and reporting the cost in terms of dollars per megawatt hour of incremental wind generation assuming a 33 percent capacity factor.  The result of this analysis estimates the average incremental load-following cost attributed to the first 2,000 megawatts of wind to be $1.10 per megawatt hour in 2007 dollar.  This value is escalated by inflation to $1.16 per megawatt hour for the 2009 test period.

Q,
The Company is not yet integrating a full 2,000 megawatts of wind.  Is the wind integration cost estimate in the IRP still applicable? 

A.
Yes.  The analysis reflects an average charge calculated to cover the costs of integrating up to 2,000 megawatts. The analysis does not support reduced integration charges for a smaller portfolio of wind projects.     

Q.
How does the Company’s wind integration charge compare with the wind integration charges determine by other utilities?

A.
The wind integration tariff charged by BPA is $0.68 per kilowatt month for interconnected wind projects beginning in 2008, which represents approximately $2.82 per megawatt hour for a wind project with a capacity factor of 33 percent.  In a presentation to the Oregon Public Utility Commission and parties on wind integration, Portland General Electric (“PGE”) has estimated its wind integration costs to be about $11.75 per megawatt hours in 2008 dollars which is ten times the level of cost included in this filing.  Comparing with BPA and PGE, the Company’s wind integration charge is significantly lower.
Changes in Hydro Modeling
Q.
Has the Company changed its hydro generation inputs for normalized net power costs?
A.
Yes.  In Docket 07-035-93 as well as in my direct and supplemental direct testimonies in this case, the Company used three equally weighted “exceedence levels” to determine the hydro volumes used in GRID.  The complex mechanics of this method were challenged by the CCS, which proposed an adjustment based on the use of median hydro. 


While the Commission accepted the Company’s method, it noted that there was controversy on this issue and ordered the Company to supply certain hydro data to CCS if asked in the next case. In this second supplemental filing, the Company has proposed the use of median hydro in an effort to remove the controversy over normalizing hydro generation.
Q.
Why did the Company choose to use median hydro?
A.
It is transparent and easy to understand, is consistent with the hydro condition used by the Company for operational planning, and does not significantly change the net power cost results in this case. As just noted, the new approach is consistent with the hydro modeling proposal made by the CCS in the prior case.
Q.
Please describe how the median hydro forecast is created.
A.
For run-of-river projects, the single year forecast is simply the median generation of the available historical data.  For other river systems with reservoirs and the Mid Columbia projects, the single year inflow forecast is created based on the average daily or weekly shape and median annual volume of the available historical inflow data, which can range from about ten years to about 70 years depending on the river system.
Q.
Is the hydro generation still created by the same model?
A.
Yes.  Weekly median hydro generation is the created by the Company’s VISTA model given one inflow forecast, as well as other information required to simulate the operations of the reservoirs.

Q.
How does this change the normalized amount of hydro in GRID?
A.
Hydro generation decreased by about 15,000 megawatt-hours. As a result, net power costs increased by less than $1 million total Company, or just over $350,000 on a Utah basis. Given the simplicity of using median hydro combined with the relatively small effect on Utah’s revenue requirement, the Company urges the Commission to adopt the use of median hydro for normalizing hydro generation in this proceeding.
Q.
Does this conclude your testimony?

A.
Yes.
� Under stable economic conditions, the Company would normally prepare one load forecast per year.  However, the economic conditions are currently very volatile and unstable, requiring the Company to update its load forecasts frequently to attempt to capture price and usage changes.


� The Babcock & Wilcox Company. Steam. 40th ed. 1992, p. 43-4.
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