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Q. Please state your name, business address, and present position with Rocky 1 

Mountain Power Company (the Company), a division of PacifiCorp. 2 

A. My name is Gregory N. Duvall.  My business address is 825 NE Multnomah, 3 

Suite 600, Portland, Oregon, 97232.  My present position is Director, Long Range 4 

Planning and Net Power Costs. 5 

Q. Have you previously filed testimony in this case? 6 

A. Yes.  I filed direct testimony in this case.  7 

Q. What is the purpose of your rebuttal testimony? 8 

A. I respond to proposed adjustments on the Company’s net power costs (“NPC”) 9 

from the Division of Public Utilities (“Division”), presented in the testimonies of 10 

Mr. James B. Dalton, Dr. William A. Powell, Mr. George W. Evans, Mr. Douglas 11 

D. Wheelright, and Mr. Michael J. McGarry, Sr.; the Utah Office of Consumer 12 

Services (“OCS”), presented in the testimony of Mr. Randall J. Falkenberg and 13 

Mr. Philip Hayet; and the UAE Intervention Group (“UAE”), presented in the 14 

testimony of Mr. Kevin C. Higgins.  15 

Q. Please explain how your testimony is organized. 16 

A. First, I present the Company’s recommendation for NPC in this case and explain 17 

why it is reasonable on an overall basis.  Second, I outline corrections and explain 18 

the adjustments proposed by the parties that the Company has accepted.  Third, I 19 

describe updates to the Company’s rebuttal NPC.  Fourth, I respond to the 20 

adjustments proposed by the Division, the OCS, and UAE that the Company 21 

opposes. Fifth, I respond to the Division’s recommendations on hedging. 22 
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Net Power Costs Recommendation/Reasonableness Check 23 

Q. What is your NPC recommendation in this case?  24 

A. Based upon corrections, updates and accepted adjustments, my testimony now 25 

supports total company NPC of $1.018 billion, which is $417.5 million on a Utah 26 

allocated basis.  This is the equivalent of $17.48 per megawatt-hour.  The results 27 

of the Company’s NPC study are provided in Exhibit RMP___(GND-1R).    28 

Q. Have you compared the normalized NPC in this case to the Company’s most 29 

recent actual power costs?  30 

A. Yes.  The Company’s actual system NPC is $981 million or $17.16 per megawatt-31 

hour for the 12-month period ended August 2009.  This is down from the 32 

Company’s actual system NPC for calendar year 2008, which were $1.121 billion 33 

or $18.92 per megawatt-hour. 34 

Q. What other benchmarks are available to the Commission?  35 

 A. The Company filed a general rate case in Wyoming on October 2, 2009, with a 36 

test period of calendar year 2010.  The NPC in that case is $1.082 billion or 37 

$18.74 per megawatt-hour on total Company basis.  The Company also has 38 

performed a study for calendar year 2011, which shows the NPC are forecast to 39 

be $1.294 billion or $21.91 per megawatt-hour on a total Company basis in 2011. 40 

Q. Do you believe the Company’s rebuttal NPC proposal is reasonable? 41 

A. Yes. Table 1 below illustrates that NPC for the 12 months ending June 30, 2010, 42 

are reasonable compared to both historic and forecast NPC.  43 
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Table 1  Net Power Costs 
     

12-month Actual Projected
Dec-2008 Aug-2009 Jun-2010 Dec-2010 Dec-2011

$m 1,121 981 1,018 1,082 1,294
$/MWh 18.92 17.16 17.48 18.74 21.91  

NPC Corrections and Adjustments 44 

Q. Has the Company made corrections and accepted adjustments to its NPC 45 

study in this case?   46 

A. Yes.  The Company has made the following corrections and adjustments to its 47 

rebuttal NPC:   48 

First, the Company replaced the imputed price with the price based on the 49 

sales contract with the Sacramento Municipal Utility District (“SMUD”) as 50 

authorized in the Commission-approved stipulation in Docket No. 09-035-T08.  51 

This increases system NPC by approximately $5.0 million. 52 

Second, the Company corrected the heat rate of the Wyodak plant.  The 53 

Company recognized that the four-year historical data used to determine the 54 

normalized heat rate coefficients were incorrectly applied—the calculation used 55 

the Company’s 80 percent share of the generation output, but used 100 percent of 56 

the plant’s heat input.  As the result, the heat input for the amount of generation 57 

included in NPC was overstated.  This correction results in approximately $0.9 58 

million decrease to NPC on a system basis. 59 

Third, the Company corrected the impact of Lewis River motoring and 60 

efficiency losses indicated by OCS’s Adjustment D.6.  This correction reduces 61 

system NPC by approximately $0.3 million. 62 

Fourth, the Company corrected its wind integration costs in line with 63 



  

Page 4 – Rebuttal Testimony of Gregory N. Duvall - Redacted 

OCS’s proposed correction in OCS Adjustment E.12. This correction results in an 64 

approximately $1.2 million decrease to system NPC. 65 

Finally, OCS proposed Adjustment F.17 to adjust the forced outage rates 66 

of Currant Creek, Lake Side, and Chehalis, and Adjustment F.18 to apply the 67 

EFORd calculation to the Gadsby peaking units.  With the exception of the 68 

Chehalis plant, the adjustments are consistent with recent Company settlements in 69 

Oregon dockets and the Company accepts them in this case.  These adjustments 70 

reduce system NPC by approximately $1.0 million.  I will address the adjustment 71 

made to the Chehalis plant later in my testimony. 72 

Rebuttal NPC Updates  73 

Q. Have any parties proposed updates based on information that became 74 

available after the Company’s initial filing in this case? 75 

A. Yes. UAE proposes to update the Company’s NPC to reflect the June 30, 2009, 76 

forward price curve, instead of the March 31, 2009, forward price curve used in 77 

the Company’s direct case.  OCS proposes to update the Bonneville Power 78 

Administration’s (“BPA”) wind integration charges.  The Division proposes to 79 

update NPC to include several recently executed Utah Qualifying Facility (“QF”) 80 

contracts and changes to the in-service dates of the High Plains and McFadden 81 

Ridge wind projects.  Additionally, the Division has proposed to add revenues to 82 

the case from the new MagCorp special contract. 83 

Q. How does the Company respond to these proposed updates?  84 

A. The updates proposed by other parties are incomplete and one-sided. The 85 

selective and asymmetrical application of updates produces an inaccurate NPC 86 
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forecast. Consistent with the position the Company has taken in the last two rate 87 

cases, the Company believes that the Commission should either allow complete 88 

and symmetrical NPC updates or exclude updates altogether.   89 

In this case, the Company recommends that the Commission establish a 90 

clear timeline allowing NPC updates based on information that is available as of 91 

the time intervening parties filed their direct testimonies.  In addition, the 92 

Company recommends that the Commission clarify that updates may be proposed 93 

by all parties in the proceeding including the Company, and that updates may 94 

either increase or decrease NPC.   95 

Q. Is your recommendation for comprehensive rebuttal NPC updates in this 96 

case consistent with the Commission’s rejection of the Company’s proposed 97 

update to the forward price curve in the 2007 general rate case? 98 

A. Yes.  In the 2007 general rate case, the Company’s proposed forward price curve 99 

update used information that was not available to other parties when they filed 100 

their direct cases.  The Commission rejected this update but accepted other 101 

proposed NPC updates based upon information that was available to parties when 102 

they filed their direct cases.  Consistent with the 2007 general rate case, the 103 

Company proposes to update NPC only for information available prior to the time 104 

that other parties filed their direct testimony.  105 
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Q. How do you respond to UAE’s contention that there is a fundamental 106 

difference between the utility updating its own pricing projection and the 107 

initial pricing projection suggested by an intervenor, because the Company 108 

controls the timing of its rate case filing? 109 

A. UAE’s argument ignores the fact that the Company cannot predict whether the 110 

forward price curve or other key NPC inputs will cause NPC to go up or down 111 

after the Company files its case.  While UAE argues that other parties should be 112 

permitted to prepare their own direct cases “using the best information available 113 

to them at the time they make their initial filings,” UAE has failed to present its 114 

new information in a fair and accurate manner.  For example, in the process of 115 

updating for the more recent price curve, UAE failed to apply the updated price 116 

curve to the Sunnyside QF contract variable costs and did not update the mark-to-117 

market value of the gas physical contracts or the start up gas costs.  UAE also 118 

used the wrong pipeline charges for Chehalis and failed to refresh all steps related 119 

to updating the electric swap contracts. Correcting these errors and omissions 120 

decreases UAE’s adjustment by approximately $4.0 million. 121 

Q. If NPC were updated in a fair and complete manner to include all 122 

information available at the time when intervening parties filed their direct 123 

testimony, what updates should be reflected in the rebuttal NPC? 124 

A. First, the rebuttal NPC should reflect the Division’s proposed adjustment to 125 

update the in-service dates of the High Plains and McFadden Ridge wind projects.  126 

This results in a decrease to system NPC of approximately $0.5 million. 127 

Second, as proposed by the Division, the rebuttal NPC should reflect the 128 
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Kennecott, U.S. Magnesium, and Tesoro QF contracts.  This adjustment will 129 

increase system NPC by approximately $1.1 million. 130 

Third, the rebuttal NPC should reflect OCS’s Adjustment E.13 proposing 131 

to update BPA’s wind integration charge to reflect the final decision in the BPA’s 132 

rate case.  At the same time, an adjustment should be made to incorporate the 133 

inter-hour wind integration costs for the two wind projects that are located in the 134 

BPA’s control area because BPA‘s wind integration charge does not include day-135 

ahead and hour-ahead balancing costs for wind.  This adjustment reduces system 136 

NPC by approximately $1.5 million. 137 

Fourth, the rebuttal NPC should reflect the new prices of the BPA peaking 138 

contract and the Grant County purchase contract, both as the result of the BPA’s 139 

final decision in their most recent power rate case, which was made available by 140 

BPA on the same day as their final decision on revised wind integration charges.  141 

This information was provided to parties in the Company’s response to DPU Data 142 

Request 34.11, which is provided as Exhibit RMP___(GND-2R).  This update 143 

increases system NPC by approximately $8.0 million. 144 

Fifth, the Division proposes to reflect revenues associated with the 145 

Company’s most recent service agreements with MagCorp. The rebuttal NPC 146 

should also reflect MagCorp reserves as well as the Kennecott generation 147 

incentives that are part of new agreements.  Including these two contracts 148 

increases system NPC by approximately $1.0 million.     149 

Sixth, the rebuttal NPC should reflect changes to the Company’s wheeling 150 

contracts with Idaho Power Company and BPA that occurred as of early 151 
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September. The changes to both contracts are described in my direct testimony.  152 

The net impact of these updates increase system NPC by approximately $11.1 153 

million. 154 

Seventh, as proposed by UAE, the rebuttal NPC should reflect an update 155 

to the June 30, 2009, official forward price curve, with the corrections described 156 

earlier in my testimony.  This update decreases system NPC by approximately 157 

$1.7 million. 158 

Rocky Mountain Power’s Responses to Contested Adjustments 159 

Market Caps (OCS A-1) 160 

Q. Does OCS propose an adjustment to the Company’s market caps in the 161 

California Oregon Border, Palo Verde, Four Corners, and Mid Columbia 162 

wholesale market hubs? 163 

A. Yes.  OCS proposes to eliminate the 1:00 A.M. to 5:00 A.M. market caps in these 164 

four markets.  The adjustment would result in an approximately $11 million 165 

decrease to system NPC. 166 

Q. Is OCS correct that this Commission has never approved of the Company’s 167 

market cap methodology in a contested case? 168 

A. No.  In Docket No. 03-035-14 on October 31, 2005, the Commission issued an 169 

order approving an avoided cost method for power purchases from QFs that 170 

approved the Company’s use of market caps.  In that order, the Commission 171 

found that “coal resources are backed down in some hours and use of a production 172 

cost model, including market caps, is necessary to accurately identify production 173 

costs avoided by a QF and thereby maintain ratepayer neutrality.”  In that 174 
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proceeding, my rebuttal testimony showed that during graveyard hours, customer 175 

loads are at their lowest levels of the day. Thus, dispatchable high cost resources 176 

are backed down or shut down and some of the Company’s existing coal-fired 177 

resources are backed down.  Markets are also very illiquid during graveyard 178 

hours.  See Docket 03-035-014, Rebuttal Testimony of Gregory N. Duvall at 6-7.  179 

As a result, the Company set market caps equal to the average of 12 months of 180 

actual graveyard spot market sales. 181 

Q. Has the Company changed how it calculates market caps since the 182 

Commission approved them in Docket No. 03-035-14? 183 

A. No.  184 

Q. Has OCS presented any evidence that market caps are no longer required to 185 

maintain ratepayer neutrality under the Public Utility Regulatory Policy Act 186 

(“PURPA”)? 187 

 A. No. 188 

Q. OCS argues that the Company continues to look to the reasoning of the 189 

Wyoming Commission for support on market caps, but that the 190 

circumstances of the Wyoming case are not applicable to this case.  How do 191 

you respond? 192 

A. OCS is wrong on two counts.  First, as I just explained, the Wyoming 193 

Commission is not the only Commission that has ruled on market caps—this 194 

Commission also accepted the Company’s market cap methodology.  The 195 

Company’s citations to Wyoming precedent have largely been in response to Mr. 196 

Falkenberg’s reliance on testimony filed in that jurisdiction by his co-witness, Mr. 197 
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Mark Widmer, on behalf of the Wyoming Industrial Electric Customers (WIEC). 198 

 Second, the differences between Wyoming and here cited by Mr. 199 

Falkenberg are irrelevant to the question of whether market caps are necessary.  200 

Market caps are still needed to limit the sizes of wholesale sales markets during 201 

graveyard hours to reflect the fact that the wholesale market is not liquid during 202 

these hours.  Without market caps, GRID would allow the Company’s coal units 203 

to produce more power than can be absorbed in these markets during graveyard 204 

hours and would therefore overstate coal generation.  OCS’s proposal to eliminate 205 

market caps would result in GRID modeling wholesale sales during graveyard 206 

hours in amounts that overstate actual coal generation. 207 

Q. How did you determine that eliminating market caps would result in 208 

overstated coal generation? 209 

A. In the past, the Company has used the four-year historical generation to verify 210 

whether coal generation included in GRID is reasonable.  Therefore, I compared 211 

the four-year actual historical generation to the generation produced by the GRID 212 

model in the Company’s NPC study.  I found that the level of coal generation 213 

modeled in GRID exceeded the actual four-year historical generation by 214 

approximately 125,000 megawatt-hours.  The historical four-year period is the 215 

same as that used as the basis to determine the availability of thermal units in this 216 

proceeding and is therefore the only reasonable comparison to make.  If the GRID 217 

coal generation were reduced to the historical levels, the Company would need to 218 

increase its NPC request by approximately $3.8 million, assuming a margin on 219 

coal generation of $30 per megawatt-hour. 220 
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Q. Did the Company review the level of coal generation assumed in OCS’s NPC 221 

recommendation? 222 

A. Yes.  OCS’s final recommendation results in coal generation that exceeds the 223 

four-year actual historical generation ending December 31, 2008, by 838,251 224 

megawatt-hours.  The use of market caps is necessary to keep GRID from 225 

optimizing to unreasonable levels, such as those produced by OCS’s NPC 226 

recommendation. 227 

Q. How do you respond to OCS’s claim that recent actual coal generation shows 228 

that there is no longer any reason for market caps? 229 

A. OCS’s analysis of recent actual coal generation is based on results from the 12 230 

months ended December 31, 2008.  OCS’s proposal to remove the market caps 231 

increases coal generation, resulting in a test period level of coal generation of 46.1 232 

million megawatt-hours.  That is among the highest actual levels the Company 233 

has experienced since 2000, except for late 2007 and early 2008 when availability 234 

spiked for a short period.  As shown in the chart below, OCS’s proposed level of 235 

coal generation is significantly higher than any four-year average since 2000.  236 

OCS’s proposal is also higher than virtually all one-year rolling totals since 2000, 237 

including the most recent one-year rolling totals.  In fact, OCS’s proposal exceeds 238 

the most recent one-year rolling total ended August 2009 by approximately 1.7 239 

million megawatt-hours (46.1 million megawatt-hours proposed by OCS versus 240 

44.4 million megawatt-hour of actual generation).  This chart demonstrates that 241 

the market caps are necessary to prevent artificial increases in coal generation and 242 

an understatement of NPC.   243 
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Q. Is OCS’s comparison of coal generation during the graveyard shift 244 

appropriate? 245 

A. No.  As described above, OCS’s use of the 12 months ended December 31, 2008, 246 

is an improper comparison to GRID generation levels since GRID outages are 247 

based on a four-year average.  OCS’s NPC study overstates actual coal generation 248 

during the graveyard period by over 200,000 megawatt-hours.  In the case of the 249 

Company’s NPC, the total coal generation exceeds the four-year average actual 250 

coal generation by about 125,000 megawatt-hours.  There is no need to remove 251 

market caps to increase coal generation in this case. 252 

Q. What is your recommendation regarding market caps? 253 

A. I recommend that the Commission reject OCS’s proposed adjustment because it 254 

will result in unreasonably high levels of coal generation and thereby understate 255 

system NPC.  Adoption of the adjustment would also be contrary to the 256 



  

Page 13 – Rebuttal Testimony of Gregory N. Duvall - Redacted 

Commission’s current avoided cost methodology, which adopted market caps as a 257 

means of maintaining customer neutrality.  258 

Company Screens (OCS A-2)  259 

Q. Please summarize the Company’s current approach to screening its gas-fired 260 

plants to prevent uneconomic dispatch of these units. 261 

A. The starting place for the Company’s screens is the monthly screening 262 

methodology approved in the 2007 rate case order, including the incorporation of 263 

costs associated with the additional start-ups required by the screens. 264 

Q. Please explain OCS’s proposal to change the screens in GRID. 265 

A. OCS now proposes that the Company implement daily screens to gas-fired 266 

resources and purely financial screening adjustments for the duct-firing resources.  267 

This adjustment would result in a $1.8 million decrease to system NPC. 268 

Q. Do you agree with the basis for OCS’s adjustment? 269 

A. No.  Part of OCS’s argument to use daily screens is that each day, system 270 

operators are faced with new information about system and market conditions and 271 

monthly screens cannot accommodate these daily variations.  What OCS fails to 272 

point out is that GRID is not affected by changes in forward price curves, loads, 273 

or resources each day.  These variables are fixed in GRID and do not change on a 274 

daily basis.  The use of daily screens is unwarranted absent inclusion of the daily 275 

volatility of system and market conditions in GRID.  In addition, OCS’s 276 

adjustment is based on a mixture of GRID dispatch and “financial” adjustments 277 

that are inconsistent with the dispatch, and OCS’s adjustment to the duct-firing 278 

units does not consider the fact that the GRID already overstates the flexibility of 279 
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those units without being constrained by the requirement that the corresponding 280 

main units should be operating at their maximum capacities before the duct-firing 281 

units can be committed.  282 

Q. How do you respond to OCS’s recommendation that the Commission require 283 

the Company to implement a minor GRID modification to export the hourly 284 

sum of fuel and purchase power costs less sales revenue if a solution to the 285 

GRID logic error alleged by OCS cannot be implemented by the next case? 286 

A. The Company does not oppose this recommendation. 287 

Q. What do you recommend with respect to OCS’s adjustment based on GRID 288 

commitment logic errors? 289 

A. I recommend that the Commission reject OCS’s proposed adjustment.  OCS’s 290 

adjustment is based on faulty logic. 291 

Start-Up Fuel Energy Value (the Division, OCS A-3) 292 

Q. Please explain the parties’ adjustments related to start-up energy. 293 

A. OCS proposes that the Company include the energy associated with starting up 294 

Currant Creek, Lake Side, and Chehalis in NPC because the costs of start-ups are 295 

included in NPC.  OCS’s adjustment would decrease system NPC by $3.7 296 

million.  The Division proposes to include a credit in NPC for start-up energy 297 

from the Current Creek, Lake Side, Chehalis, and Hermiston plants at the average 298 

price of coal energy.  The Division’s adjustment would result in a $2.1 million 299 

decrease to system NPC. 300 
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Q. Why is the OCS’s proposed adjustment so much larger that the adjustment 301 

proposed by the Division? 302 

A. OCS assumes that a mid-hour market is available to value power.  The Division 303 

assumes the value is based on savings of fuel costs at coal facilities. 304 

Q. What other costs are incurred when starting up the gas-fired plants? 305 

A. Start up costs are not limited to fuel.  In order to accommodate the start-ups of a 306 

500 to 600 megawatt gas unit, the Company must re-dispatch the system.  In 307 

doing so, the Company incurs system costs beyond what it would have incurred 308 

had the start-ups not occurred.  These costs could result from ramping the hydro 309 

and thermal units at lower efficiency or increasing generation from out of the 310 

money units just to provide the necessary ramping capability.  None of these costs 311 

are included in GRID. 312 

Q. Do you agree that it is appropriate to include start-up energy as Mr. 313 

Falkenberg claims? 314 

A. No.  It takes time for a gas-fired unit to go from zero generation to being 315 

synchronized with the grid to produce electricity reliably.  In GRID, it is assumed 316 

that the gas units will always be able to reach their full capabilities 317 

instantaneously and thus the model overstates their generation when they are still 318 

ramping up. 319 

Q. Do you agree that there is value to energy associated with starting up these 320 

facilities that should be reflected in the normalized NPC? 321 

A. No, for a number of reasons.  First, start-up energy is generated within the hour.  322 

Because there is no mid-hour market for start-up energy, OCS’s approach of 323 
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modeling the start-up energy as a free resource is incorrect because it assumes 324 

that such energy is firm and can replace purchases or make sales.  Second, the 325 

Company primarily uses its hydro generation to follow ramping at the gas-fired 326 

facilities.  The Company therefore does not save fuel by ramping down coal 327 

generation or transact in the market while the gas units are ramping down with 328 

hydro generation.  Third, GRID does not account for the fact that the efficiency of 329 

other plants degrade as they are ramped down during gas plant start-up.  Fourth, 330 

GRID does not reflect any loss of energy associated with ramping down units 331 

while gas-fired units are ramping up.  Therefore, together with the other costs that 332 

are not modeled in GRID, there is no value that needs to be included in the NPC 333 

study.   334 

Q. Do you agree with OCS that the Company’s approach is an “outlier” 335 

compared with standard industry practice? 336 

A. No.  Each utility’s modeling of gas plant start-ups depends on the unique design 337 

of its production dispatch model.  The Company’s methodology is reasonable for 338 

all of the reasons just outlined.  339 

Q. Are there any technical problems with OCS’s adjustment? 340 

A. Yes.  OCS’s adjustment is made by including additional generation to the hours 341 

before a unit starts up in GRID.  Doing so violates the technical requirement of 342 

the minimum down time required for a unit to stay offline before it comes back 343 

online.  To account for this physical restriction, the first hour of full operation as 344 

modeled in GRID would have to be shifted two to three hours to account for the 345 

start-up time. 346 
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Q. What is your recommendation regarding the adjustment for start-up 347 

energy? 348 

A. I recommend that the Commission reject the OCS and Division proposed 349 

adjustments, because the GRID model already overstates the generation when the 350 

gas units start up and understates the system costs during the start-up process.  In 351 

addition, OCS’s adjustment violates the technical requirements of operating the 352 

units. 353 

SMUD Contract Shaping (OCS C-4) 354 

Q. What is OCS’s proposed modeling adjustment to the SMUD call option sales 355 

contract? 356 

A. OCS’s adjustment proposes to substitute actual data for normalized data for the 357 

SMUD call option sales contract.  For normalized purposes, the GRID model 358 

assumes that the counterparties will maximize the value of the contract and take 359 

power at the most economical time.  OCS proposes to adjust this input to reflect 360 

actual historical contract operation.  This adjustment would result in a 361 

$0.5 million decrease to system NPC. 362 

Q. What did the Commission order with respect SMUD contract modeling in 363 

the 2007 rate case? 364 

A. The Commission decided to model the SMUD contract using a four-year average 365 

of historical monthly sales rather than using normalized data. 366 

Q. Why has the Company normalized the SMUD contract in this case using 367 

GRID? 368 

A. During the 2008 rate case, Docket No. 08-035-38, the Company looked more 369 
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closely at the Committee of Consumer Services’ (“CCS,” currently OCS) 370 

modeling of the SMUD contract that the Commission accepted in the 2007 rate 371 

case because the Company found significant flaws in CCS’s modeling of other 372 

wholesale sales contracts.  In my rebuttal testimony in that case, I provided 373 

extensive evidence that CCS incorrectly utilized the SMUD contract historical 374 

data.  I request that the Commission take official notice of my rebuttal testimony 375 

in Docket No. 08-035-38, which showed that CCS’s approach does not simulate 376 

the actual history of the SMUD contract. 377 

  In my direct testimony in the current case, I reiterated the modeling of the 378 

SMUD contract proposed by CCS in the Company’s 2007 general rate case 379 

contained errors.  The Commission found in the 2007 rate case that using CCS’s 380 

modeling approach was reasonable.  In light of the new evidence presented by the 381 

Company in my direct testimony and my rebuttal testimony in Docket No. 08-382 

035-38, the Company requests that the Commission accept the Company’s 383 

normal, optimized modeling of the SMUD contract as determined by GRID. 384 

Q. Does the Company continue to be concerned about the policy issues raised by 385 

OCS’s proposed modeling of the SMUD contract? 386 

A. Yes.  As I testified previously, it is unfair and inconsistent to arbitrarily pick one 387 

large third-party contract from a much larger group of third-party contracts and 388 

treat it for regulatory purposes differently than all others.  Contracts with third 389 

parties should be treated consistently, whether the contract is for the Company 390 

selling to or purchasing energy from third parties.   391 
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Q. How do you respond to OCS’s recommendation that the Commission 392 

continue the same normalization adjustment for the SMUD contract in the 393 

2007 rate case? 394 

A. The Company respectfully requests that the Commission reconsider the SMUD 395 

modeling adopted in Docket No. 07-035-93 based on the additional evidence that 396 

I presented in Docket No. 08-035-38 and my direct testimony in the current 397 

proceeding showing that OCS’s proposed approach does not simulate the actual 398 

history of the SMUD contract.   399 

Biomass Project Contract (OCS C-5) 400 

Q. Please explain OCS’s adjustment based on the Biomass Project contract. 401 

A. OCS argues that the Company should include in NPC a non-generation agreement 402 

with the Biomass Project on the basis that the Company has entered into such an 403 

agreement from 2005 through 2009.  Under the agreement, the Company paid the 404 

Biomass Project to shut down during low market price months.  OCS’s 405 

adjustment would reduce system NPC by $0.8 million. 406 

Q. Why did the Company exclude the Biomass Project contract from its initial 407 

NPC study? 408 

A. The Company has not executed a non-generation agreement with the Biomass 409 

Project that would be effective during the test period.  Therefore, the Company 410 

excluded the contract from the NPC study.  It would be presumptuous to include 411 

an agreement that has been based on the spread between prices for electricity and 412 

hog fuel, especially given the uncertain economic condition in the housing market 413 

and the wood product industry.  The Company therefore objects to including the 414 
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Biomass Project non-generation agreement in the test period. 415 

Bear River Reserve Capability (OCS D-7) 416 

Q. Please explain OCS’s adjustment to the Bear River reserve carrying 417 

capability. 418 

A. OCS argues that actual reserve allocation data shows that the Bear River 419 

resources, Oneida and Cutler, frequently carry reserves of 50 megawatts or more.  420 

As a result, OCS recommends increasing the reserve carrying capability to 42.8 421 

megawatts.  This adjustment would decrease system NPC by $1.4 million. 422 

Q. Do you agree that Oneida and Cutler frequently carry reserves of 50 423 

megawatts or more? 424 

A. No.  OCS exaggerated the instances when the Bear River system carries 50 425 

megawatt or more reserves.  Out of all the hourly data from November 15, 2006, 426 

to June 30, 2009 that OCS used, there are fewer than 1,000 hours, or 4 percent of 427 

the time, when the reserves held on Bear River exceeded 40 megawatts, and only 428 

38 hours or 0.2 percent of the time when the reserves were above 50 megawatts.  429 

The median of the data used by OCS shows that the Bear River system only held 430 

about 18 megawatts of reserves historically.  In addition, the data relied on by 431 

OCS are mechanically reported as the difference between capacity and generation 432 

at the time and are not necessarily representative of the amount of reserve held by 433 

the plant. 434 

Q. Under what conditions would the Bear River be able to carry more than 30 435 

megawatt of reserves as the Company modeled? 436 

A. This would only occur in unusual circumstances.  There are three units at the 437 
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Oneida plant and each has a capacity of 10 megawatts.  The Cutler plant has two 438 

units and each has a capacity of 15 megawatts.  Most of the units would have to 439 

operate at their minimum generation levels, or be spinning and drawing electricity 440 

from the grid (motoring), for the plants to provide reserves in excess of 30 441 

megawatts.  It is not reasonable to assume that operating those units at minimum 442 

or motoring them would be part of the normal operation. 443 

Q. What is the basis of the 30 megawatt of reserve assumed in GRID? 444 

A. The 30 megawatt reserve assumed for normal operation for the Bear River is 445 

derived from using the remaining dispatchable plant capacity at Cutler (about 24 446 

megawatts) and the remaining dispatchable capacity on one of the generating 447 

units at Oneida (about 6 megawatts, not claiming capacity on the two units at 448 

Oneida that are usually idle due to lack of water).  Declaring spinning reserve on 449 

the two units normally idle at Oneida is a balance between the economics of 450 

providing spinning reserve and other operational concerns. 451 

Q. What are the other operational concerns? 452 

A. In the State of Idaho's Section 401 water quality certification (under the Clean 453 

Water Act) for the Oneida development, large fluctuations of river level below 454 

Oneida are strongly discouraged at all times of the year.  Also, during the 455 

irrigation season, water management concerns associated with delivering storage 456 

water from Bear Lake to contract irrigators influence the feasibility of providing 457 

spinning reserve at both Oneida and Cutler.  This additionally limits the 458 

availability of spinning reserve and contributes to the 30 megawatt threshold.   459 
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Chehalis Start up Costs (OCS E-8) 460 

Q. What does OCS propose with respect to start-up costs for the Chehalis 461 

plant? 462 

A. OCS argues that the cost of $10,000 per start and fuel requirement of 3,000 463 

MMBTU per start for the Chehalis plant is excessive.  OCS argues that the 464 

Company should use the prior Integrated Resource Plan (“IRP”) based inputs, 465 

because the Company did not support its calculations.  This adjustment would 466 

result in a $0.4 million decrease to system NPC. 467 

Q. How do you respond? 468 

A. This adjustment is unreasonable and should be rejected.  For O&M costs, the 469 

Company’s IRP assumptions are intended to reflect the variable start-up and shut-470 

down costs other than fuel.  The higher value used in the Company’s current 471 

proceeding includes an estimate of wear-and-tear on the Chehalis plant associated 472 

with each start-up cycle that is not included in the IRP calculation.   473 

Because of the limited operation of the Chehalis plant, the Company’s 474 

estimated start-up costs are derived from Currant Creek plant data.  Currant Creek 475 

is a reasonable proxy for Chehalis because of the similarities between the 476 

generating equipment at the Chehalis plant and the Currant Creek plant.  The 477 

Company does not model the start-up energy; therefore, there is no overstated 478 

amount of start-up energy from Chehalis as claimed by OCS. 479 
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STF Transmission Test Year Synchronization (OCS E-9)   480 

Q. What is OCS’s proposal related to the inclusion of short-term firm (“STF”) 481 

transmission in GRID? 482 

A. OCS proposes adjusting how the Company modeled short-term firm transmission 483 

by using four-year averages to determine both the capacity and the cost of STF 484 

links.  In contrast, the Company used capacity based on a four-year average, but 485 

costs based on the most recent single year of data.  This adjustment would reduce 486 

total Company NPC by $4.1 million. 487 

Q. Does OCS indicate why it proposed using a four-year average for both 488 

capacity and cost? 489 

A. Yes.  Mr. Falkenberg states that he has previously proposed using a single recent 490 

year of data for including STF transmission capacity, but the Company objected 491 

to that approach in other proceedings.  In response to the Company’s objections, 492 

OCS proposes using a four-year average in this proceeding, and believes the 493 

capacity and costs need to be matched. 494 

Q. What is the Company’s response? 495 

A. Use of a four-year average for wheeling expenses for STF wheeling contracts is 496 

not reasonable.  This would be inconsistent with how other wheeling expenses are 497 

included in NPC.  The Company uses four-year average availability of the STF 498 

transmission that, by definition, vary from year-to-year, and uses the most recent 499 

year of expense to capture the most recent costs associated with acquiring 500 

transmission services from third-party transmission providers.   501 
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Q. How much of the Company’s proposed STF transmission expense is 502 

disallowed under OCS’s proposal? 503 

A. OCS proposes to remove all but a maximum of $1.0 million of the $5.3 million.  504 

In addition, the $1.0 million is about 27 percent of the four-year average expense 505 

of $3.5 million for the four-year period ending December 2008.  Mr. Falkenberg 506 

does not contest that these costs were prudently incurred.  507 

Q. Why is Mr. Falkenberg’s adjustment so big? 508 

A. He uses a variable (dollar per megawatt-hour) charge to compute these expenses 509 

using GRID.  This approach ignores the fact that STF expenses are incurred on a 510 

take-or-pay basis.  His misuse of a variable charge results in significantly 511 

understating STF transmission expense. 512 

Q. Mr. Falkenberg states that this is exactly the way you stated STF 513 

transmission modeling should be performed in the 2008 Utah case.  Is he 514 

correct? 515 

A. No.  This statement, like the adjustment itself, is incorrect.   516 

Transmission Imbalance (OCS E-10) 517 

Q. Please explain OCS’s transmission imbalance adjustment. 518 

A. OCS argues that NPC should reflect the net value of transmission imbalance 519 

charges and fees the Company pays to or receives from third parties.  This 520 

adjustment would result in a $0.7 million decrease to system NPC. 521 

Q. How do you respond? 522 

A. In my first supplemental testimony and my rebuttal testimony in the 2008 rate 523 

case, I explained that because the Company is the control area operator, it has to 524 
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cover the deviation of scheduled generation and actual generation by the third 525 

parties within the control area.  Such deviation occurs within-the-hour, where 526 

there is no market for transactions to cover such imbalances.  In addition, the 527 

amount of energy purchased or sold, or even whether it is a purchase or a sale, is 528 

not known to the Company until after the hour when power schedules and actual 529 

generation can be compared to determine if the Company received or supplied 530 

power.   531 

  As a result, the Company has to either back-down its own low-cost 532 

generation or have additional generation available to cover the load.  The 533 

“premium” or “discount” is intended to be an incentive for the third parties to 534 

minimize the imbalances.  It is not a benefit or economic gain to the Company, 535 

which is the underlying assumption in the methodology ordered by the 536 

Commission in Docket No. 07-035-93.   537 

Q. Why did the Company exclude transmission imbalances from its NPC study 538 

in light of the 2007 rate case order that included transmission imbalance 539 

charges?  540 

A. The Company understands that the Commission ordered this adjustment in the 541 

2007 rate case because “[t]he Company does not rebut the inclusion of 542 

transmission imbalance charge” in its testimonies.  In response to the 543 

Commission’s order, the Company provided significant evidence in the 2008 544 

general rate case that there is no basis for an adjustment.  The Company 545 

incorporates these arguments by reference into my testimony in this case.  546 
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Cholla Capacity Upgrade (OCS E-11)  547 

Q. Please explain OCS’s proposed adjustment to the capacity of Cholla Unit 4. 548 

A. OCS claims that the Company recently upgraded the capacity of Cholla Unit 4 549 

from 380 to 390 megawatts and that the upgrade should be reflected in GRID.  550 

OCS states that the transmission constraints limit the Company’s ability to deliver 551 

more than 387 megawatts, but that the derations to the unit due to forced outages 552 

render this limit moot for the most part.  OCS proposes to make an adjustment to 553 

reflect possible derations due to transmission limits.  The impact of this 554 

adjustment would be approximately $0.3 million on a total Company basis. 555 

Q. Do you agree with OCS’s adjustment? 556 

A. No.  First, the adjustment ignores the physical transmission constraints on 557 

delivery of power from Cholla.  OCS’s expected value mathematics incorporating 558 

the modeling convention of derating for forced outages is flawed because it 559 

assumes that deliveries from Cholla can exceed the physical transmission 560 

available at the point of interconnection of Cholla with the transmission system.  561 

Second, OCS has increased wheeling capacity without increasing wheeling 562 

expenses.  Third, the purpose of derating the units for forced outages is to capture 563 

the lost generation due to such outages.  By arbitrarily increasing the availability 564 

of the units, OCS understates the impact of forced outages and understates NPC. 565 

Planned Outage Schedule (the Division, OCS F-14) 566 

Q. How have you modeled planned outages? 567 

A. The Company continues to use a four-year average for modeling planned outages 568 

with a normalized schedule to include planned outages of all the units in the test 569 
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period. 570 

Q. Please describe the adjustments to planned plant outages proposed by OCS. 571 

A. OCS proposes to move the planned outage of the Currant Creek plant to the 572 

spring, arguing that the spring schedule is more economical and was accepted by 573 

the Commission in Docket No. 07-035-93.  OCS’s adjustment decreases NPC by 574 

$0.3 million on a total Company basis.  575 

Q. Do you agree with the adjustment that OCS is proposing? 576 

A. No.  OCS moves the planned outage of Currant Creek from the fall to the spring 577 

to reduce NPC without demonstrating that it is unreasonable to forecast this 578 

maintenance in the fall.  Indeed, the Company just conducted maintenance on 579 

Currant Creek in October of 2009.  OCS’s shifting of planned outage schedules is 580 

arbitrary and unsupported by facts.  While the Company agrees that planned 581 

maintenance is more economical when performed in the spring, operational and 582 

contractual constraints, as well as normalized modeling requirements, prevent the 583 

Company from maintaining all units in the spring.   584 

Q. What changes does the Division propose to the Company’s planned outage 585 

schedule? 586 

A. The Division argues that the planned outage schedule in GRID differs from the 587 

actual planned outage schedules.  The Division witness Mr. Evans manually 588 

adjusted the planned outage schedule in GRID in an effort to align more closely 589 

with actual historic outages.  The Division’s changes result in a $0.3 million 590 

decrease in system NPC. 591 
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Q. Do you agree with Mr. Evans’ changes to the planned outage schedule? 592 

A. No. Like OCS’s proposal, the Division’s adjustments are arbitrary.  As described 593 

in my Direct Testimony, the Company uses a tree structure to develop its planned 594 

outage schedule.  It is transparent and not subject to gaming.  Based on the 595 

relatively small size of the proposed adjustments by other parties, there is no 596 

compelling reason to claim that the Company’s tree structure is unreasonable. 597 

Bridger Ramping (OCS F-15) 598 

Q.  Please describe OCS’s ramping adjustment. 599 

A. The Company has added a ramping adjustment to NPC to account for decreased 600 

availability when coal-fired generating units are started up.  OCS proposes to 601 

remove this adjustment as applied to the Jim Bridger plant because the plant was 602 

holding reserves at the same time the Company calculated the ramping 603 

adjustment.  This adjustment decreases NPC by $0.3 million on a total company 604 

basis.  605 

Q. Is Jim Bridger the only plant that has the ramping losses?  606 

A. No.  Jim Bridger is neither the only coal-fired plant with ramping losses, nor are 607 

its losses calculated using a different methodology from other coal-fired plants.  608 

The Company has 26 coal-fired units, of which the Company has minor 609 

ownership shares in six.  With the exception of those six units, the Company 610 

calculates the ramping losses for all remaining 20 units, including the four Jim 611 

Bridger units.  OCS is not recommending removing the ramping losses for the 612 

other 16 units. 613 
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Q. OCS claims that the Company’s ramping adjustment to Jim Bridger should 614 

be rejected because there are no generator logs available and because the 615 

supporting data shows the adjustment should be rejected.  Do you agree? 616 

A. No.  The Company has provided supporting data that the Company reasonably 617 

relied upon in calculating the Bridger ramping adjustment.  Mr. Falkenberg 618 

selectively included one of the data responses that he has received, and ignored 619 

the others that further explained the data that the Company used in the calculation.  620 

Those data responses are provided as Exhibit RMP___(GND-3R). 621 

Q. How do you respond to OCS’s argument that the supporting data show that 622 

during hours when ramping losses were assumed to occur, reserves were 623 

being allocated to Bridger? 624 

A. OCS is mixing data by unit and data by plant.  Because of the shared ownership 625 

of the plant, the Company does not have data on a unit basis for its share of the 626 

Jim Bridger plant.  The Company’s share of the reserves held by the Jim Bridger 627 

plant is therefore reported on a plant basis, rather than unit basis.  It is possible for 628 

one unit at the plant to be holding reserves while another is incurring ramping 629 

losses.  630 

Q. What do you recommend regarding the removal of the Bridger ramping? 631 

A. The Commission should reject the adjustment because the Company’s ramping 632 

losses of the Jim Bridger units are determined in the same way as at other coal-633 

fired units, and the Company has provided sufficient support to the data that it 634 

used to calculate the ramping losses.  OCS’s adjustment to remove the ramping 635 

losses at the Jim Bridger units is equivalent of assuming that those units are 636 
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capable of going from zero generation to full capacity instantaneously, which is 637 

technically impossible for coal-fired generating units.  638 

Minimum Loading and Deration (OCS F-16) 639 

Q. Please explain OCS’s proposed adjustment relating to minimum loading and 640 

deration. 641 

A. OCS applies deration factors to unit minimum capacities and adjusts heat rates so 642 

they are not increased by the modeling of forced outages.  Mr. Falkenberg claims 643 

his approach is the industry standard model.  OCS’s adjustment would decrease 644 

system NPC by $2.8 million. 645 

Q. How does the Company apply the deration method? 646 

A. The Company’s approach derates the maximum capacity of the unit in every hour 647 

of the year by an equal percent based on historic forced outage rates, which 648 

constitutes a “hair cut” in unit availability.   649 

Q. How does OCS propose changing this method? 650 

A. OCS proposes to make adjustments in both the minimum capacity and heat rate of 651 

the unit, in addition to the maximum capacity adjustment made by the Company.  652 

OCS’s approach alters thermal plant heat rate curves to artificially increase their 653 

efficiency as compared with the heat rate curves that are developed from actual 654 

plant operating data.  In addition, OCS proposes to reduce thermal plant minimum 655 

generation levels so GRID can run thermal units at levels they are physically 656 

incapable of reaching.   657 

Q. Are OCS’s heat rate and minimum generation adjustments reasonable? 658 

A. No.  The Company strongly objects to these adjustments and will show that they 659 
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are one-sided and cause NPC to be artificially understated. 660 

Q. Please comment on the hypothetical example presented by OCS on this issue. 661 

A. OCS’s hypothetical example is irrelevant and misleading.  In essence, it compares 662 

the results of the hypothetical example under two cases; one with the minimum 663 

derated by 50 percent and the other without any deration to the minimum 664 

generation level.  Because the answers do not match, OCS concludes that the 665 

Company’s approach of not derating the minimum generation level produces the 666 

wrong answer. 667 

Q. OCS suggests that unless the minimum generation level of thermal plants is 668 

derated, then the derated maximum generation could be below the minimum 669 

generation.  Is this a possibility? 670 

A. No.  The Currant Creek example used by OCS assumes monthly outage rates, 671 

which are not used by the Company.  This example, as well as the hypothetical 672 

example, represents a situation that would never occur on the Company’s system 673 

(i.e. a unit with an annual outage rate of 50 percent).  No thermal unit in the 674 

Company’s fleet has an annual outage rate greater than 15 percent, and no plant 675 

has a spread between the minimum generation level and the derated maximum of 676 

less than 15 percent.  There is no mathematical possibility that could result in the 677 

derated maximum generation being below the minimum generation.  Much of 678 

OCS’s argument on these issues is based on this erroneous assumption. 679 

Q. Should the use of the derating method for modeling forced outages change 680 

the heat rate or minimum generation level of a unit? 681 

A. No.  In fact, changing the heat rate curve or the minimum generation level can 682 
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lead to unintended consequences.  For example, if a unit is dispatched at a level 683 

below the derated capacity, the heat rate will be wrong if it has been changed, 684 

because the heat rate at that level is unrelated to the derating.  The same type of 685 

unintended consequences can occur when derating the minimum generation level.  686 

In that case, the model could dispatch the unit at a level it is not capable of 687 

achieving. 688 

Q. Why does OCS’s proposed method significantly understate the heat rates? 689 

A. It is because the derate adjustments are applied incorrectly.  The only time when 690 

the derate adjustment to the heat rate may be applicable is when the unit is 691 

dispatched at its derated maximum capacity, with the assumption that the unit 692 

may be dispatched at its stated maximum capacity in GRID if there were not the 693 

availability “hair cut.”  When the unit is dispatched at a level below its derated 694 

maximum capacity, GRID has made the optimal decision to dispatch that unit at a 695 

lower and less efficient generation level, whether it has been derated or not.  696 

Therefore, derating the entire heat rate curve overstates the efficiency of the unit 697 

and understates the heat inputs.   698 

Exhibit RMP___(GND-4R) and Exhibit RMP___(GND-5R) show the heat 699 

rate curves under the two methods for a coal-fired unit and gas-fired unit, from 700 

minimum to maximum generation level.  The exhibit clearly demonstrates that 701 

heat input required for various levels of generation is understated using the derate-702 

adjusted heat rate.  Superimposed on the heat rate curves is the distribution of 703 

hourly generation as produced by GRID using the Company’s NPC study from its 704 

direct case.  In both cases, there are many hours of dispatch below the derated 705 
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maximum capacity, which are the generating levels at which OCS’s proposal will 706 

understate the heat rate, and subsequently understate NPC. 707 

Q. Does this suggest that the Company should adjust the heat rates at least to 708 

the derated maximum capacities of the units? 709 

A. No.  The Company uses the “hair cut” to adjust down a unit’s capacity that is still 710 

at a relatively efficient level.  In actual operations, a unit can be derated to any 711 

level between its minimum and maximum capacities. 712 

Q. Does it logically follow that the minimum generation level should be derated 713 

because the maximum generating level is derated? 714 

A. No.  There is no logic that ties the two together.  The purpose of the “haircut” to 715 

the maximum generating capability is to exclude the unit from producing 716 

generation when it is broken.  That is fully accomplished through the “haircut” to 717 

the maximum generating capacity. 718 

Q. Is it realistic to derate the minimum generation level of a unit for forced 719 

outages? 720 

A. No.  The minimum generation level of a unit is based on its technical 721 

specification below which it cannot operate.  Reducing the minimum generation 722 

level of units below their technical capability artificially increases the operating 723 

range of each unit, thereby incorrectly reducing NPC.  Because PacifiCorp has 724 

over 30 thermal units, this can amount to a significant reduction to NPC that the 725 

Company is simply not capable of achieving.   726 
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Q. OCS has compared actual heat rates to modeled heat rates.  Is this a useful 727 

comparison? 728 

A. It is not an unreasonable comparison for coal plants that run at very high capacity 729 

factors.  For plants that are flexible and can and do operate at various operating 730 

levels and heat rates, the comparison becomes relatively meaningless.  The 731 

“normal” conditions under which the units operate can be quite different from 732 

actual conditions.  Actual conditions can bring hydro, loads, and market behavior 733 

that is significantly different from “normal.”  The Commission should heavily 734 

discount this comparison of modeled heat rates to actual heat rates. 735 

Chehalis EFOR (OCS F-17) 736 

Q. Has OCS proposed an adjustment to the outage rate of the Chehalis plant? 737 

A. Yes.  OCS proposed an adjustment to exclude the outages during the first year of 738 

operation of Currant Creek, Lake Side, and Chehalis.  However, in the case of 739 

Chehalis, OCS removed all data in the months since the Company became the 740 

owner of the plant. 741 

Q. Why is this incorrect? 742 

A. The Company does not have a long history of the Chehalis plant’s operation, but 743 

the Chehalis plant was not a new plant when the Company took over the 744 

ownership.  Therefore, the Company used four months of actual operational data 745 

and weighted together with the outage rate assumed in the IRP based on 746 

manufacturers’ estimates.  The Company’s modeled outage rate for the Chehalis 747 

plant has already been understated by excluding all but four months of actual data.  748 

The adjustment proposed by OCS should be rejected.  749 
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Coal Forced Outage Rates 750 

Q. Does the Division propose an adjustment to the forced outage rates for the 751 

Company’s coal generating units? 752 

A. Yes.  The Division proposes to replace the unit-specific historical forced outage 753 

rates used by the Company with the average national forced outage rates from 754 

NERC/GADS. 755 

Q. Is the Division’s proposal to use NERC/GADS average outage rates for coal 756 

plants reasonable? 757 

A. No. This is addressed in the Rebuttal Testimony of Mr. David J. Godfrey.  In 758 

addition, I would add that the Division’s proposal to substitute Company data 759 

with GADS data is not based on cost of service ratemaking; rather it is a form of 760 

performance based ratemaking.  The Division has not presented any evidence to 761 

support this move away from cost of service ratemaking nor have they alleged 762 

that the Company’s forced outage rates are a result of imprudence. 763 

Wind Integration Issues 764 

Q. Have the parties proposed adjustments to the Company’s wind integration 765 

costs? 766 

A. Yes.  The parties have proposed a number of adjustments to different aspects of 767 

the Company’s wind integration costs.  Table 2 below shows various positions 768 

proposed by parties. 769 
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Table 2  Wind Integration Charge  

($/MWh) 

Company BPA1

Inter-Hour Intra-Hour Total

RMP, last case 1.16 1.16 3.11
RMP 2.08 4.83 6.91 12.42

Division 2.08 0.00 2.08 12.42
OCS 1.79 4.83 6.62 5.89
UAE 0.00 3.02 3.02 12.42

Note:
1 Converted from $2.72/kW-month ($0.68/kW-month in the last case, or

$1.29/kW-month proposed by OCS) at 30% capacity factor, intra-hour
 

In the following sections of my testimony, I have separated my response to the 770 

wind integration adjustments into inter-hour costs, intra-hour costs, and wind 771 

integration costs of third parties. 772 

Q. Please comment generally on the positions of the OCS, Division, and UAE.  773 

A. As noted earlier in my testimony, the Company is generally in agreement with 774 

OCS on this issue.  The Company has agreed to the OCS’s proposal to update the 775 

BPA’s wind integration charge and weighting adjustment.  776 

The Company does not agree with the Division or UAE positions.  While 777 

the Division accepts that there are costs associated with truing up forecasts on a 778 

day-ahead and hour-ahead basis, their position is that there are no intra-hour costs, 779 

which could only be true if forecasts going into an hour were perfect and there 780 

were no variations in wind generation during the course of each hour.  UAE, on 781 

the other hand, accepts most of the intra-hour costs, but rejects the inter-hour 782 

costs.  UAE’s proposal can only be true using an assumption that there is no 783 

change when going from the planning forecast to the day-ahead forecast, or from 784 

the day-ahead forecast to the hour-ahead forecast, but if there were, existing 785 
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economic resources would be unused.  None of these positions are tenable and all 786 

of them should be rejected. 787 

Inter-hour Costs 788 

Q. Please explain what cost components make up inter-hour wind integration 789 

costs. 790 

A. Inter-hour wind integration costs consist of day-ahead and hour-ahead system 791 

balancing costs.  The Company incurs transaction costs when it rebalances or 792 

closes open positions generated as new load and wind forecast becomes available.  793 

The Company incurs day-ahead transaction costs of $0.32 per megawatt-hour and 794 

hour-ahead transaction costs of $1.76 per megawatt-hour, for a total of $2.08 per 795 

megawatt-hour in inter-hour wind integration costs. 796 

Q. What is UAE’s argument with respect to inter-hour wind integration costs? 797 

A. UAE argues that the Company’s inter-hour wind integration analysis 798 

inappropriately relies solely on assumed market transactions in which the 799 

Company “always loses.”  UAE recommends that the Company’s wind 800 

integration charges be reduced by $2.08 per megawatt-hour to remove the cost of 801 

assumed transactional losses for performing inter-hour wind integration.  The 802 

result of this adjustment would be to decrease system NPC by $8.6 million. 803 

Q. Please respond to UAE’s argument that the Company’s assumption that 804 

inter-hour wind integration occurs exclusively through market transactions 805 

is unreasonable. 806 

A. This argument is incorrect.  The inter-hour transactions correct for imperfect 807 

forecasts on a day-ahead and hour-ahead basis.  When a more recent forecast of 808 
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wind generation is made, market transactions have to be made because by the 809 

day-ahead or hour-ahead of actual delivery, all economic generation is committed.  810 

If the system operators find that the previous forecast, which in the case of day-811 

ahead balancing was the initial estimate without having the knowledge of the 812 

current weather conditions, predicted 500 megawatts more generation than the 813 

day-ahead forecast, they must go to the market and purchase 500 megawatts of 814 

generation to replace the wind generation that was originally expected to 815 

materialize.  The same conditions are applicable whether the updated forecast 816 

show more or less wind generation than the prior forecast or whether the update 817 

forecast is made for purposes of day-ahead or hour-ahead generation. 818 

Q. Why can’t the Company use its own reserves to support inter-hour wind 819 

integration and thereby lower the wind integration costs? 820 

A. That would amount to double counting.  Reserves that are meant to cover forced 821 

outages need to remain available for that purpose and cannot be also used to 822 

provide for intra-hour variations in wind generation. 823 

Q. What does UAE mean when it says that the Company “always loses” in these 824 

assumed market transactions? 825 

A. UAE argues that the Company inappropriately assumes that the Company will 826 

pay $0.50 per megawatt-hour above market for every inter-hour purchase and will 827 

sell at $0.50 per megawatt-hour below market for every inter-hour sale. 828 

Q. Do you agree with UAE’s characterization of these transactions? 829 

A. No.  The Company does not pay above market when purchasing and sell below 830 

market when selling.  The power markets are not based on a single price; rather 831 
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they are made up of a bid price – the price at which buyers are willing to buy - 832 

and an ask price – the price at which sellers are willing to sell.  The forecast 833 

market price is the mid-point of the two prices.  When the forecast for wind 834 

generation is updated on a day-ahead or hour-ahead basis, the Company is put in a 835 

position where it has to rebalance the system in a short period of time and with 836 

limited options.  As the result, the Company has to take the prices that are 837 

available in the market.  That is, when the Company has to purchase to cover the 838 

newly identified shortage, it may have to pay the prices offered by the sellers who 839 

have option to sell elsewhere.  And when the Company has to sell to eliminate the 840 

newly identified length, it may have to take the prices that the buyers are willing 841 

to pay given their option to buy elsewhere.  842 

Intra-hour Costs 843 

Q. Please explain what cost components make up intra-hour wind integration 844 

costs. 845 

A. Intra-hour wind integration costs consist of reserve costs related to forecast 846 

deviations, regulate up, and regulate down.  Regulate up and regulate down are 847 

the costs associated with holding resources in reserve to follow the intra-hour 848 

variability of wind plants—both when wind generation is increasing (regulate 849 

down) and decreasing (regulate up). 850 

Q. Has the Company included intra-hour wind integration costs previously? 851 

A. Yes.  In its 2007 general rate case, the Company included $1.12 per megawatt-852 

hour intra-hour wind integration charge, which was based on the study result in 853 

the Company’s 2007 IRP and escalated to the test period of calendar year 2008.  854 
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In its 2008 general rate case, the Company included $1.16 per megawatt-hour 855 

intra-hour wind integration charge, again based on the 2007 IRP and escalated to 856 

the test period of calendar year 2009.  Neither the Division nor UAE opposed the 857 

intra-hour wind integration charge. 858 

Q. What is UAE’s argument with respect to intra-hour wind integration costs? 859 

A. While UAE agrees that the prudent costs associated with performing intra-hour 860 

“regulating up” should be included in NPC, UAE argues that that “regulating 861 

down” should not.  As a result, UAE recommends that reserves included in the 862 

Company’s intra-hour reserve requirement for regulating down be removed from 863 

wind integration costs.  The result of this adjustment would be to decrease system 864 

NPC by $7.4 million. 865 

Q. UAE argues that the Company does not incur incremental costs when 866 

regulating down, because the cost of the facilities required for this action is 867 

already recovered from ratepayers.  Do you agree? 868 

A. No.  When wind output is increasing, the Company must reduce other generation 869 

output in a manner that it would not have otherwise to operate the system in an 870 

economic manner.  This may involve decreasing hydro generation to inefficient 871 

levels or ramping up out of the money resources so they can be ramped back 872 

down while the wind ramps up.  These costs are not already being recovered from 873 

customers because they are not included in GRID. 874 

Q. Does the Division also propose an adjustment to the Company’s intra-hour 875 

wind integration costs? 876 

A. Yes.  The Division argues that there a number of problems in the Company’s 877 
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intra-hour analysis.  The Division recommends that the Commission reject the 878 

intra-hour wind integration charge entirely. 879 

Q. What specific arguments does the Division make with respect to the 880 

Company’s intra-hour wind integration costs? 881 

A. Division witness Mr. Evans argues that the main problem with the Company’s 882 

analysis is that the Company has assumed that additional reserves must be added 883 

to accommodate wind resources, without evaluating the level of reserves that 884 

would be carried without the wind resources.  Mr. Evans believes that the 885 

Company’s reserve requirement for wind is excessive. 886 

Q. Do you agree that the Company’s reserve requirement for wind is excessive? 887 

A. No.  A large amount of the Company’s wind is located in Wyoming, where the 888 

variations in load are relatively small.  Mr. Evans’ argument may be more 889 

appropriate for another utility in another part of the country.  In addition, the 890 

Company has not included transmission constraints in its wind integration 891 

analysis.  If included, transmission constraints would likely increase the intra-hour 892 

wind integration costs.  I would note that the prior wind integration study did 893 

evaluate the level of reserves that would be required without the wind resource.  894 

That study found the forecast error alone to be $1.16 per megawatt-hour, an 895 

amount that has not been previously contested by the Division.  A proposal that 896 

this amount now go to zero is unreasonable. 897 

Q. Does the Division have additional arguments relating to intra-hour costs? 898 

A. Yes.  Division witness Dr. Powell questions some assumptions used by the 899 

Company in the intra-hour estimates.  However, his discussions do not support his 900 
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adjustment to entirely remove the intra-hour wind integration costs and reverses 901 

the position that the Division took in the previous cases as identified above. 902 

Q. Would you agree that the Company’s determination of the total wind 903 

integration costs may be further refined? 904 

A. Yes.  The Company recognizes that there are many other factors that should be 905 

considered in the determination of the wind integration costs, such as transmission 906 

constraints and capability of the resources to respond quickly to the variations of 907 

wind, which would increase the wind integration costs. 908 

Q. Would including load necessarily reduce the wind integration costs 909 

significantly? 910 

A. No.  In order for load to offset the variation in wind generation, the size and 911 

location of the load has to be considered.  As discussed above, the Company’s 912 

unique situation, where much of the wind facilities are located in an area with 913 

relatively flat load, mitigates the impact of including load in the analysis. 914 

Q. Are the Company’s wind integration costs unreasonable given the fact that 915 

the Company’s study is based on limited quantity of data and has not 916 

considered all the factors? 917 

A. No.  Reviews conducted by the Company in its 2008 IRP process showed that the 918 

wind integration costs presented by other utilities in the region range from about 919 

$6 per megawatt-hour to $12 per megawatt-hour.  BPA’s integration charge, 920 

which is supported by OCS and unopposed by any other party in this proceeding, 921 

is about $6 to $12 per megawatt-hour for intra-hour costs alone.  This exceeds the 922 

intra-hour costs proposed by the Company.  In addition, the Staff of the Idaho 923 
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Public Utility Commission recently filed comments in Idaho supporting a wind 924 

integration cost of $6.50 per megawatt-hour for use by Rocky Mountain Power in 925 

determining avoided costs in Idaho.  These are similar to the wind integration 926 

costs used in Idaho by Avista and Idaho Power Company. 927 

Q. What conclusion do you draw from these discussions? 928 

A. The Company’s wind integration costs are reasonably within the range of the ones 929 

calculated by other entities and are based on analysis that is technically sound.  930 

The evidence shows that the Company does incur costs to integrate wind on a 931 

day-ahead and hour-ahead basis and the Division has not provided sufficient 932 

evidence to remove the intra-hour cost entirely.  The Company should not be 933 

prohibited from recovering prudently incurred costs while it continues to develop 934 

and refine its wind integration costs. 935 

Wholesale Wind Integration Charges (OCS E-13) 936 

Q. What does OCS propose with respect to wind integration costs related to the 937 

Stateline and Long Hollow wind resources? 938 

A. OCS proposes that the Commission disallow the wind integration costs associated 939 

with the Long Hollow wind resource and the NextEra portion of wind generation 940 

from the Stateline wind resource.  These adjustments would result in a decrease of 941 

$3.3 million system NPC. 942 

Q. Why doesn’t the Company charge generators for wind integration resources 943 

related to the Stateline and Long Hollow wind facilities? 944 

A. The Company does not charge generators for the cost of wind integration because, 945 

as noted in Mr. Hayet’s testimony, the Company’s OATT does not provide for 946 
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such charges.  PacifiCorp could not charge wholesale transmission customers for 947 

this type of service without FERC approval of a Company rate application 948 

proposing a new wind integration charge.  The Company is required by federal 949 

law to interconnect with new facilities under the terms of its tariffs.  It would be 950 

unreasonable to disallow costs associated with such interconnection. 951 

Q. Are there barriers to charging non-owned wind facilities for wind integration 952 

costs?   953 

A. Yes.  Modifying the OATT to impose wind integration charges on only non-954 

owned wind facilities would likely violate the federal statutory mandate that 955 

PacifiCorp treat all transmission customers, affiliated and non-affiliated, on a not 956 

unduly discriminatory basis.  In addition, it is not clear whether, under the same 957 

statutory mandate, FERC would permit a transmission provider to impose a 958 

charge on one type of generator (wind) that it does not impose on all other types.   959 

Q. Is there any other reason the Company could not begin charging for wind 960 

integration service related to the Long Hollow wind resource? 961 

A. Yes.  The first 125 megawatts of output for the Long Hollow wind resource are 962 

designated as a resource by transmission customer Utah Associated Municipal 963 

Power Systems (“UAMPS”).  The UAMPS transmission agreement predates 964 

FERC’s Open Access policies and PacifiCorp’s OATT.  The UAMPS 965 

transmission agreement does not permit imposition of a wind integration charge.  966 

Any modification to the agreement would require a special rate filing at FERC 967 

before a wind integration charge for the Long Hollow resource could be assessed 968 

to UAMPS. 969 
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Q. Are the costs associated with wind integration a prudent expense? 970 

A. Yes.  As a balancing area authority, PacifiCorp must operate its balancing area by 971 

matching system resources to actual load fluctuations on a second-to-second basis 972 

through automatic generation control.  Maintaining system balance is one of the 973 

key functions of a balancing area authority and is required to maintain system 974 

reliability including maintaining system frequency.  Load fluctuations, outages, 975 

and generation output fluctuations all contribute to the need for balancing 976 

resources.  The addition of renewable resources such as wind has the tendency to 977 

increase the need for balancing resources.   978 

Hedging Policies and Practices 979 

Q. Has the Division reviewed the hedging policies and practices currently in 980 

place at PacifiCorp? 981 

A. Yes. Mssrs. McGarry and Wheelright present testimony on this subject.  Mr. 982 

Wheelright presents the Division’s position on the hedging policies and practices 983 

currently in place at PacifiCorp. He makes three recommendations: 984 

1.  The Commission should require the Company to complete an analysis and 985 

review all available investment options similar to the report completed by the 986 

New Jersey Major Gas Distribution Companies.1  Information on alternative 987 

investment instruments such as the use of options, caps, collars, and their 988 

associated cost should be examined and presented along with guidelines or 989 

trigger points for their use.  The Company should prepare recommendations 990 

for submission to the Commission with guidelines for the suggested hedging 991 

                                                 
1 Vantage Consulting, Inc. “Analysis Of The Gas Purchasing Practices And Hedging Strategies Of 

The New Jersey Major Gas Distribution Companies Final Report.” 15 January 2009. New Jersey Study.  



  

Page 46 – Rebuttal Testimony of Gregory N. Duvall - Redacted 

strategy.      992 

2.  The Commission should seek input from interested parties and then 993 

provide guidance and standards for the Company hedging strategy.  This 994 

guidance would not need to contain rigid goals or strategies but should include 995 

the following: (1) the objective of hedging, (2) the cost of hedging, (3) the mix 996 

of hedging tools allowed, (4) the time horizon for financial derivatives, (5) the 997 

appropriate criteria or triggers for discretionary hedging, and (6) the 998 

appropriate reporting requirements.  Guidelines would need to be reviewed 999 

every three to five years or if there were significant changes in market 1000 

conditions.  Commission approval of such plans would serve to protect the 1001 

Company from retrospective “second-guessing,” so long as the approved plan 1002 

was followed.  Allowance should be made, however, for approving deviations 1003 

from such a plan when extraordinary conditions warrant. 1004 

3.  Once the hedging portfolio plan has been reviewed and approved by the 1005 

Commission, the Company should provide an annual report to the 1006 

Commission on the performance of the program for the previous year 1007 

compared to the guidelines and an explanation of any deviation.  The report 1008 

should include projections and forecasts for future years and should include a 1009 

breakdown of the physical and financial contracts for both natural gas and 1010 

electric contracts and a breakdown of the impact of large contracts on the 1011 

performance.   1012 

Q. How to you respond to these three recommendations? 1013 

A. While the Company believes these are important issues, it would be more 1014 
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appropriate to address them in the context of the currently active Energy Cost 1015 

Adjustment Mechanism (“ECAM”) or Natural Gas Hedging dockets.  The 1016 

Division’s proposal raises a number of questions such as what it means for the 1017 

Commission to “approve” the Company’s hedging portfolio plan.  The degree of 1018 

Commission oversight would vary depending on whether there is an ECAM and if 1019 

so, what form it takes.  The Company believes the Division’s recommendations 1020 

cannot get the full consideration they deserve until the Commission has ruled on 1021 

the structure of an ECAM for Rocky Mountain Power. 1022 

Q. Does this conclude your rebuttal testimony? 1023 

A. Yes. 1024 
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